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CUSC - SECTION 14

CHARGING METHODOLOGIES

141 Introduction
14.1.1 This section of the CUSC sets out the statement of the Connection

Charging Methodology and the Statement of the Use of System
Methodology
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Part 1 - The Statement of the Connection Charging

Methodology

14.2 Principles

Costs and their Allocation

14.2.1

14.2.2

14.2.3

Connection charges enable The Company to recover, with a reasonable rate of
return, the costs involved in providing the assets that afford connection to the National
Electricity Transmission System.

Connection charges relate to the costs of assets installed solely for and only
capable of use by an individual User. These costs may include civil costs,
engineering costs, and land clearance and preparation costs associated with the
connection assets, but for the avoidance of doubt no land purchase costs will be
included.

Connection charges are designed not to discriminate between Users or classes of
User. The methodology is applied to both connections that were in existence at
Vesting (30 March 1990) and those that have been provided since.

Connection/Use of System Boundary

14.2.4

14.2.5

14.2.6

14.2.7

14.2.8

The first step in setting charges is to define the boundary between connection
assets and transmission system infrastructure assets.

In general, connection assets are defined as those assets solely required to
connect an individual User to the National Electricity Transmission System, which are
not and would not normally be used by any other connected party (i.e. “single user
assets”). For the purposes of this Statement, all connection assets at a given location
shall together form a connection site.

Connection assets are defined as all those single user assets which:

a) for Double Busbar type connections, are those single user assets connecting the

User’s assets and the first transmission licensee owned substation, up to and
including the Double Busbar Bay;

b) for teed or mesh connections, are those single user assets from the User’s assets
up to, but not including, the HV disconnector or the equivalent point of isolation;

c) for cable and overhead lines at a transmission voltage, are those single user

connection circuits connected at a transmission voltage equal to or less than 2km
in length that are not potentially shareable.

Shared assets at a banked connection arrangement will not normally be classed as
connection assets except where both legs of the banking are single user assets under
the same Bilateral Connection Agreement.

Where customer choice influences the application of standard rules to the connection
boundary, affected assets will be classed as connection assets. For example, in
England & Wales NGET does not normally own busbars below 275kV, where The
Company and the customer agree that NGET will own the busbars at a low voltage
substation, the assets at that substation will be classed as connection assets and will
not automatically be transferred into infrastructure.
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14.2.9 The design of some connection sites may not be compatible with the basic boundary
definitions in 14.2.6 above. In these instances, a connection boundary consistent
with the principles described above will be applied.
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14.3 The Calculation of the Basic Annual Connection Charge for an

Asset

Pre and Post Vesting Connections

14.3.1

14.3.2

Post Vesting connection assets are those connection assets that have been
commissioned since 30 March 1990. Pre Vesting connection assets are those that
were commissioned on or before the 30 March 1990.

The basic connection charge has two components. A non-capital component, for
which both pre and post vesting assets are treated in the same way and a capital
component for which there are slightly different options available for pre and post
vesting assets. These are detailed below.

Calculation of the Gross Asset Value (GAV)

14.3.3

14.3.4

14.3.5

The GAV represents the initial total cost of an asset to the transmission licensee.
For a new asset it will be the costs incurred by the transmission licensee in the
provision of that asset. Typically, the GAV is made up of the following components:

Construction Costs - Costs of bought in services

Engineering - Allocated equipment and direct engineering cost

Interest During Construction — Financing cost

Liquidated Damages Premiums - Premium required to cover Liquidated Damages if
applicable.

Some of these elements may be optional at the User’s request and are a matter of
discussion and agreement at the time the connection agreement is entered into.

The GAV of an asset is re-valued each year normally using one of two methods.
For ease of calculation, April is used as the base month.

In the Modern Equivalent Asset (MEA) revaluation method, the GAV is indexed
each year with reference to the prevailing price level for an asset that performs the
same function as the original asset;

In the Transmission Owner Price Index (TOPI) revaluation method, the original cost
of an asset is indexed each year by the TOPI formula set out in paragraph 14.3.6.
For Pre Vesting connection assets commissioned on or before 30 March 1990, the
original cost is the 1996/97 charging GAV (MEA re-valued from vesting). The
original costs of Post Vesting assets are calculated based on historical cost
information provided by the transmission licensee’s.

In the MEA revaluation method, the MEA value is based on a typical asset. An
MEA ratio is calculated to account for specific site conditions, as follows:

The outturn GAV (as calculated in paragraph 14.3.4 above) is re-indexed by TOPI
to the April of the Financial Year the Charging Date falls within;

This April figure is compared with the MEA value of the asset in the Financial Year
the Charging Date falls within and a ratio calculated;

If the asset was commissioned at a Connection Site where, due to specific

conditions, the asset cost more than the standard MEA value, the ratio would be
greater than 1. For example, if an asset cost 10% more to construct and
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commission than the typical asset the MEA ratio would be 1.1. If, however, the
asset was found only to cost 90% of the typical MEA value the ratio would be 0.9;

e The MEA ratio is then used in all future revaluations of the asset. The April GAV
of the asset in any year is thus the current MEA value of the asset multiplied by the
ratio calculated for the Financial Year the Charging Date falls within.

14.3.6 The TOPI revaluation method is as follows:

o The outturn GAV (as calculated in paragraph 14.3.4 above) is re-indexed by TOPI
to the April of the Financial Year the Charging Date falls within. This April GAV is
thus known as the Base Amount;

e The Base Amount GAV is then indexed to the following April by using the TOPI
formula used in the Transmission Owner’'s Price Control. April GAVs for
subsequent Financial years are found using the same process of indexing by
TOPI.

i.e. GAV, = GAV,.1* TOPI,

o TOPI calculation for year n is as follows:

TOPL. = (May to October average TOPI),_1
™ (Mayto October average TOPI),_;

Calculation of Net Asset Value

14.3.7 The Net Asset Value (NAV) of each asset for year n, used for charge calculation, is
the average (mid year) depreciated GAV of the asset. The following formula
calculates the NAV of an asset, where A, is the age of the asset (number of
completed Financial Years old) in year n:

Depreciation Period — (A, +0.5)
Depreciation Period

NAVn = GAVn *

14.3.8 In constant price terms an asset with an initial GAV of £1m and a depreciation
period of 40 years will normally have a NAV in the year of its commissioning of
£0.9875m (i.e. a reduction of 1.25%) and in its second year of £0.9625m (i.e. a further
reduction of 2.5% or one fortieth of the initial GAV). This process will continue with
an annual reduction of 2.5% for each year of the asset's life.

Capital Components of the Connection charge for Post Vesting Connection Assets
14.3.9 The standard terms for a connection offer will be:
e 40 year life (with straight line depreciation);
e TOPI indexation
14.3.10 In addition a number of options exist:
e a capital contribution based on the allocated GAV at the time of commissioning will
reduce capital. Typically a capital contribution made in advance of or at the time of

commissioning will include costs to cover the elements outlined below and charges
are calculated as set out in the equations below;
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— Construction costs

— Engineering costs (Engineering Charge x job hours)
— Interest During Construction (IDC)

— Return element (6%)

— Liquidated Damages Premium (LD) (if applicable)

General Formula:

Capital Contribution Charge = (Construction Costs + Engineering Charges) x (1+Return
%) + IDC + LD Premium

e The MEA and TOPI revaluation methods are described further in 14.3.21. As an
example, we will assume MEA revaluation is a 7.5% rate of return, AND 6% on the
TOPI revaluation basis;

e annual charges based on depreciation periods other than 40 years;
e annuity based charging;

¢ indexation of GAVs based on principles other than MEA revaluation and TOPI
indexation. No alternative forms of indexation have been employed to date.

14.3.11 For new connection assets, should a User wish to agree to one or more of the options
detailed above, instead of the standard connection terms, the return elements
charged by the transmission licensee may also vary to reflect the re-balancing of risk
between the transmission licensee and the User. For example, if Users choose a
different indexation method, an appropriate rate of return for such indexation method
will be derived.

14.3.12 A User can choose to make a capital contribution based on the allocated and
depreciated NAV of a commissioned asset. For a capital contribution to take account
at the start of Financial Year n, the User may, at most once per year, make a full or
partial capital contribution of at least 10% of the NAV prevailing as of 31st March in
year n-1. The User shall notify The Company of the capital contribution amount no
later than 1st September in year n-1, and pay the capital contribution 45 days prior
to the start of Financial Year n which will be applied to the NAV prevailing at the start
of year n. As the capital component of the connection charge for year n will reduce
as a result of the capital contribution, a reduced rate of return element will be payable
and a lower security requirement will be required in Financial Year n and subsequent
years.

Capital Components of the Connection charge for Pre Vesting Connection Assets
14.3.13 The basis of connection charges for GB assets commissioned on or before 30 March
1990 is broadly the same as the standard terms for connections made since 30 March

1990. Specifically charges for pre vesting connection assets are based on the
following principles:

e The GAV is the 1996/97 charging GAV (MEA re-valued from vesting) subsequently
indexed by the same measure of TOPI as used in the Transmission Owner’s Price
Control;

e 40 year life (with straight line depreciation);
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e 6% rate of return

14.3.14 Pre-vesting 1996 MEA GAVs for Users’ connection sites are available from The
Company on request from the Charging Team.

Non-Capital Components - Charging for Maintenance and Transmission Running
Costs

14.3.15 The non-capital component of the connection charge is divided into two parts, as set
out below. Both of these non-capital elements will normally be identified in the
charging appendices of relevant Bilateral Agreements.

Part A: Site Specific Maintenance Charges

14.3.16 This is a maintenance only component that recovers a proportion of the costs and
overheads associated with the maintenance activities conducted on a site-specific
basis for connection assets of the transmission licensees.

14.3.17 Site-specific maintenance charges will be calculated each year based on the forecast
total site specific maintenance for NETS divided by the total GAV of the transmission
licensees NETS connection assets, to arrive at a percentage of total GAV. For
2010/11 this will be 0.52%. For the avoidance of doubt, there will be no reconciliation
of the site-specific maintenance charge.

Part B: Transmission Running Costs

14.3.18 The Transmission Running Cost (TRC) factor is calculated at the beginning of each
price control to reflect the appropriate amount of other Transmission Running Costs
(rates, operation, indirect overheads) incurred by the transmission licensees that
should be attributed to connection assets.

14.3.19 The TRC factor is calculated by taking a proportion of the forecast Transmission
Running Costs for the transmission licensees (based on operational expenditure
figures from the latest price control) that corresponds with the proportion of the
transmission licensees’ total connection assets as a function of their total business
GAV. This cost factor is therefore expressed as a percentage of an asset's GAV and
will be fixed for the entirety of the price control period. The currently applicable TRC
factor, calculated as above, is detailed in The Company's Statement of Use of
System Charges which is available from the Charging website3.

14.3.20 To illustrate the calculation, the following example uses the average operating
expenditure from the published price control and the connection assets of each
transmission licensee expressed as a percentage of their total system GAV to arrive
at the 2010/11 GB TRC value of 1.45%:

Example:

Connection assets as a percentage of total system GAV for each TO:

Scottish Power Transmission Ltd 15.1%
Scottish Hydro Transmission Ltd 8.6%
NGET 12.5%

Published current price control average annual operating expenditure (£m):
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Scottish Power Transmission Ltd 29.1
Scottish Hydro Transmission Ltd 11.3
NGET 295.2

Total GB Connection GAV = £2.12bn

GB TRC Factor = (15.1% x £29.1m + 8.6% x £11.3m + 12.5% x £295.2m) / £2.12bn
GB TRC Factor = 1.99%

Net GB TRC Factor = Gross GB TRC Factor — Site Specific Maintenance Factor*
Net GB TRC Factor = 1.99% - 0.54% = 1.45%

* Note — the Site Specific Maintenance Factor used to calculate the TRC Factor is

that which applies for the first year of the price control period or in this example, is
the 2007/8 Site Specific Maintenance Factor of 0.54%.

The Basic Annual Connection Charge Formula

14.3.21 The charge for each connection asset in Financial Year n can be derived from the
general formula below. This is illustrated more fully by the examples in Appendix 2:
Examples of Connection Charge Calculations.

Annual Connection Charge, = Dy (GAV,) + R, (NAV,) + SSF, (TOPIGAV,) +

TCh (GAV,)

Where:

Forn = year to which charge relates within the Depreciation Period
n = year to which charge relates

GAV = GAV for year n re-valued by relevant indexation method
TOPIGAV, = GAV for year n re-valued by TOPI indexation

NAV, = NAV for year n based on re-valued GAV,

D, = Depreciation rate as percentage (equal to 1/Depreciation Period)
(typically 1/40 = 2.5% of GAV)

R =

For assets subject to TOPI indexation, the real pre-tax Weighted Average

Cost of Capital for the Relevant Transmission Licensee for year n (WACCn).

For asset subject to MEA indexation, the real pre-tax Weighted Average Cost
of Capital for the Relevant Transmission Licensee for year n (WACCn) plus
1.5 percentage points.

Where for the year n:

real post tax cost of equit
WACCn = << P f equity

X (1 —notional gearing %
1 — corporation tax rate ) ( 9 g °)>

+ (real cost of debt X notional gearing %)
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14.3.22

And where for the calculation of WACCn: The real post-tax cost of equity,
notional gearing %, real cost of debt and the corporation tax rate, are as
specified in the latest published Ofgem Price Control Financial Model (PCFM)
relating to year n, or should Ofgem fail to publish or cease to publish a PCFM,
those specified in the latest public regulatory determination(s) or decision(s)
should be used.

SSFs, = Site Specific Factor for year n as a % (equal to the Site
Specific Cost/Total Site GAV)
TCh = Transmission Running Cost component for year n (other

Transmission Owner Activity costs).

Forn = vyear to which charge relates beyond the Depreciation Period

n = year to which charge relates

GAV = GAV for year n re-valued by relevant indexation method
TOPIGAV, = GAV for year n re-valued by TOPI indexation

NAV, =0

Dn = 0

Rn = 0

SSF, = Site Specific Factor for year n as a % (equal to the Site

Specific Cost/Total Site GAV)
TCh = Transmission Running cost component for year n (other
Transmission Owner Activity costs).

Note that, for the purposes of deriving asset specific charges for site-specific
maintenance, the TOPI re-valued GAYV is used. This is to ensure that the exact site
charges are recovered from the assets at the site. The site costs are apportioned to
the assets on the basis of the ratio of the asset GAV to total Site GAV.

Adjustment for Capital Contributions

14.3.23

14.3.24

If a User chooses to make a 100% capital contribution (either pre-commissioning or
post-commissioning) to The Company towards their allocation of a connection asset
then no capital charges will be payable and hence the connection charges for that
asset would be calculated as follows:

Annual Connection Charge, = SSF, (TOPIGAV,) + TC, (GAV,)

If a User chooses to make a partial capital contribution(s) (either pre-commissioning
or post-commissioning) to The Company towards their allocation of a connection
asset, for example PCCF = 50%, then the connection charges for that asset would
be calculated as follows:

Annual Connection Charge, = D, (GAV,*PCCF) + R, (NAV,*PCCF) + SSF,
(TOPIGAV,) + TC, (GAV,)

PCCF = Partial Capital Contribution Factor taking into account a capital
contribution made pre-commissioning compared to the GAV (as outlined in
14.3.10), and any capital contributions made post-commissioning compared to
the appropriate NAV (as outlined in 14.3.12) as appropriate.

Modification of Connection Assets
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14.3.25 Where a modification to an existing connection occurs at the User’s request or due
to developments to the transmission system, their annual connection charges will
reflect any additional connection assets that are necessary to meet the User's
requirements. Charges will continue to be levied for existing assets that remain in
service. Termination charges as described in Chapter 5 below will be charged for
any existing connection assets made redundant as a result of the modification.
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14.4 Other Charges

14.4.1

In addition to the basic annual connection charges set out above, the User may
pay The Company for certain other costs related to their connection. These will be
set out in the Bilateral and Construction Agreements where appropriate and are
described below.

One-off Works

14.4.2

14.4.3

14.4.4

14.4.5

14.4.6

To provide or modify a connection, the transmission licensee may be required to
carry out works on the transmission system that, although directly attributable to the
connection, may not give rise to additional connection assets. These works are
defined as “one-offs”. Liability for one-off charges is established with reference to
the principles laid out below:

e Where a cost cannot be capitalised into either a connection or infrastructure asset,
typically a revenue cost

¢ Where a non-standard incremental cost is incurred as a result of a User's request,
irrespective of whether the cost can be capitalised

¢ Termination Charges associated with the write-off of connection assets at the
connection site.

Consistent with these principles and in accordance with Connection Charging
Methodology modification GB ECM-01, which was implemented on 1 December 2005,
a one-off charge will be levied for a Category 1 Intertripping Scheme or a Category
3 Intertripping Scheme. A one-off charge will not be levied for a Category 2
Intertripping Scheme or a Category 4 Intertripping Scheme.

The one-off charge is a charge equal to the cost of the works involved, together with
a reasonable return, as shown in 14.4.4 below.

For information, the general formula for the calculation of the one-off charge for works
is outlined below.

One-off Charge = (Construction Costs + Engineering Charges) x (1 + Return %)
+ IDC + LD Premium

Where: Engineering Charges = “Engineering Charge” x job hours
Return % = 6%
IDC = Interest During Construction
LD Premium = The Company Liquidated Damages Premium (if
applicable)

The calculation of the one-off charge for write-off of assets is outlined below:
Write-off Charge = 100% of remaining NAV of redundant assets

One-offs are normally paid on an agreed date, which is usually upon completion of
the works. However, arrangements may be agreed between the transmission licensee
and the User to pay the charge over a longer period. If a one-off is paid over a longer
period it is termed a Transmission Charge. It is usually a depreciating finance charge
or annuity based charge with a rate of return element and may include agreement on
a schedule of termination payments if the agreement is terminated before the end of
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the annuity period. The charge is usually inflated annually by the same TOPI figure
that is used to inflate GAVs, though Users can request alternative indexation methods.

14.4.7 Where an infrastructure asset has been subject to One-off Works, and a User has paid
a relating charge calculated in accordance with paragraph 14.4.4, The Company may
adjust the treatment of the assets within the TNUoS transport model as set out in
paragraphs 14.15.15 to 14.15.22.

Miscellaneous Charges

14.4.8 Other contract specific charges may be payable by the User, these will be set out
in the Bilateral and Construction Agreements where appropriate.

Rental sites

14.4.9 Where The Company owns a site that is embedded within a distribution network,
the connection charge to the User is based on the capital costs and overheads but
does not include maintenance charges.

Final Metering Scheme (FMS)/Energy Metering Systems

14.4.10 Charges for FMS metering are paid by the registrant of the FMS metering at the
connection site. It is charged on a similar basis as other Connection Assets. The
electronic components of the FMS metering have a replacement and depreciation
period in line with those advised by the transmission licensees, whilst the non-
electronic components normally retain a 40 year replacement and depreciation
period (or a User specified depreciation period as appropriate).
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14.5 Connection Agreements
Indicative Agreement

14.5.1 The standard connection agreement offered by The Company is an indicative price
agreement. From the Charging Date as set out in the User's Bilateral Connection
Agreement, the User's initial connection charge is based on a fair and reasonable
estimate of the expected costs of the connection.

Outturning the Indicative Agreement

14.5.2 Once the works required to provide a new or modified connection are completed
and the costs finalised, the connection scheme is "outturned". The Company
reconciles the monies paid by the User on the indicative charge basis against the
charges that would have been payable based on the actual costs incurred in
delivering the project together with any relevant interest. This process involves
agreeing a new charging GAV (The Base Amount) with the User in line with the
elements stated in paragraph 14.3.3 and then calculating connection charges with
this GAV.

14.5.3 In addition, for Users that have chosen MEA revaluation their MEA ratios are
agreed at outturn and this ratio is used for MEA revaluation in subsequent years.

14.5.4 In the case of connection asset replacement where there is no initiating User, the
outturn is agreed with the User at the site.

Firm Price Agreement

14.5.5 In addition to the options stated in paragraph 14.3.10 above, firm price agreements
are also available. Typically with this option the charges to be incurred, and any
indexation, are agreed between The Company and the User and connection charges
are not recalculated once outturn costs are known. A typical example of a firm price
agreement is:

Capital Contribution

Firm Price GAV

— Running Costs (based on a firm price GAV)
Fixed Schedule of Termination Amounts

14.5.6 When a User selects a firm price agreement some or all of the above elements can
be made firm. Any elements of the agreement that have not been made firm will be
charged on an indicative basis in accordance with this statement.

14.5.7 Final Sums and Consents costs are never made firm in a Firm Price Agreement.
Details of both are set out in the Construction Agreement.
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Monthly Connection Charges

14.5.8

14.5.9

14.5.10

14.5.11

14.5.12

14.5.13

The connection charge is an annual charge payable monthly.

If the initial Charging Date does not fall within the current Financial Year being
charged for and there are no revisions to charges during the year, the monthly
connection charge will equal the annual connection charge divided by twelve.

For the Financial Year in which the Charging Date occurs (as set out in the User's
Bilateral Agreement) or for any Financial Year in which a revision to charges has
occurred during the Financial Year, for each complete calendar month from the
Charging Date (or effective date of any charge revision) to the end of the Financial
Year in which the Charging Date (or charge revision) occurs, the monthly connection
charge shall be equal to the annual connection charge divided by twelve.

For each part of a calendar month, the charge will be calculated as one twelfth of the
annual connection charge prorated by the ratio of the number of days from and
including the Charging Date to the end of the month that the Charging Date falls in
and the number of days in that month.

For example, say the annual connection charge for Financial Year 2010/11 is £1.2m
and the Charging Date falls on the 15" November 2010, the monthly charges for the
Financial Year 2010/11 would be as follows:

e November = £1,200,000/12 * (16/30) = £53,333.33
e Dec 10, Jan 11, Feb 11, Mar 11 = £1,200,000/12
= £100,000.00

The above treatment does not apply to elements such as Miscellaneous Charges (as
defined in 14.4.8) and Transmission Charges (annuitised one-offs, as defined in
14.4.6). If the Charging Date falls within a Financial Year, then the full annual charge
will remain payable and will be spread evenly over the remaining months. This is
because these payments are an annuitisation of charges that would normally be paid
up-front as one-off payments.
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14.6 Termination Charges

Charges Liable

14.6.1

14.6.2

14.6.3

Where a User wholly or partially disconnects from the transmission system they will
pay a termination charge. The termination charge will be calculated as follows:

e Where the connection assets are made redundant as a result of the termination or
modification of a Bilateral Connection Agreement, the User will be liable to pay an
amount equal to the NAV of such assets as at the end of the Financial Year in
which termination or modification occurs, plus:

e The reasonable costs of removing such assets. These costs being inclusive of the
costs of making good the condition of the connection site

e If a connection asset is terminated before the end of a Financial Year, the
connection charge for the full year remains payable. Any remaining Use of System
Charges (TNUoS and BSUo0S) also remain payable

o For assets where it has been determined to replace upon the expiry of the relevant
Replacement Period in accordance with the provisions set out in the CUSC and in
respect of which a notice to Disconnect or terminate has been served in respect of
the Connection Site at which the assets were located; and due to the timing of the
replacement of such assets, no Connection Charges will have become payable in
respect of such assets by the User by the date of termination; the termination
charges will include the reasonable costs incurred by the transmission licensee in
connection with the installation of such assets

o Previous capital contributions paid to The Company will be taken into account
The Calculation of Termination amounts for Financial Year n is as follows:

Termination Charge, = UoS, + C, + NAVa, + R-CC

Where:

UoS, = Outstanding Use of System Charge for year (TNUoS and BSUoS)
Cn = Qutstanding Connection Charge for year

NAVa, = NAV of Type A assets as at 31 March of Financial Year n

R = Reasonable costs of removal of redundant assets and making good
CC = An allowance for previously paid capital contributions

Examples of reasonable costs of removal for terminated assets and making good the
condition of the site include the following:

¢ If a circuit breaker is terminated as a result of a User leaving a site, this may require
modifications to the protection systems.

e Ifan asset were terminated and its associated civils had been removed to 1m below

ground then the levels would have to be made up. This is a common condition of
planning consent.

Page 17 of 148 V1.47 11 November 2025



CUSC v1.47

Repayment on Re-Use of Assets

14.6.4 If any assets in respect of which a termination charge was made to The Company
are re-used at the same site or elsewhere on the system, including use as
infrastructure assets, The Company will make a payment to the original terminating
User to reflect the fact that the assets are being reused.

14.6.5 The arrangements for such repayments for re-use of Assets are that The Company
will pay the User a sum equal to the lower of:

i.) the Termination Amount paid in respect of such Assets; or
ii.) the NAV attributed to such Assets for charging purposes upon their re-use
less any reasonable costs incurred in respect of the storage of those assets.

14.6.6 The definition of re-use is set out in the CUSC. Where The Company decides to
dispose of a terminated asset where it is capable of re-use, The Company shall pay
the User an appropriate proportion of the sale proceeds received.

Valuation of Assets that are re-used as connection assets or existing infrastructure
assets re-allocated to connection

14.6.7 If an asset is reused following termination or allocated to connection when it has
previously been allocated to TNUoS, a value needs to be determined for the
purposes of connection charges. In both instances the connection charge will be
based on the standard formula set out in paragraph 14.3.21. The Gross Asset Value
will be based on the original construction costs and indexed by TOPI. Where original
costs are not known a reasonable value will be agreed between The Company and
the User based on similar types of asset in use. The Net Asset Value will be
calculated as if the asset had been in continuous service as a connection asset from
its original commissioning date taking into account the depreciation period.

14.6.8 Where an asset has been refurbished or updated to bring it back into service a
new value and an appropriate replacement period will be agreed between The
Company and the User. This will be based on the value of similar types of asset in
service and the costs of the refurbishment.
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14.7 Contestability

14.7.1 Some connection activities may be undertaken by the User. The activities are the
provision, or construction, of connection assets, the financing of connection assets and
the ongoing maintenance of those assets. While some Users have been keen to see
contestability wherever possible, contestability should not prejudice system integrity,
security and safety. These concerns have shaped the terms that are offered for
contestability in construction and maintenance.

Contestability in Construction
14.7.2 Users have the option to provide (construct) connection assets if they wish. Formal

arrangements for Users exercising this choice are available and further information on
User choice in construction can be obtained from The Company.
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14.8 Asset Replacement

14.8.1

14.8.2

Appendix A of a User's Bilateral Connection Agreement specifies the age (number of
complete Financial Years old), for charging purposes, of each of the NETS connection
assets at the Connection Site for the corresponding Financial Year. Connection
charges are calculated on the assumption that the assets will not need to be replaced
until the charging age has reached the duration of the asset’s Replacement Period.

If a connection asset is to be replaced, The Company will enter into an agreement for
the replacement with the User. Where replacement occurs before the original asset’s
charging age has reached the duration of its Replacement Period, The Company will
continue to charge for the original asset and make no charge to the existing User for
the new asset until the original asset’s charging age has reached the duration of its
Replacement Period.

Where the replacement occurs after the original asset’s charging age has reached the
duration of its Replacement Period, The Company will charge on the basis of the
original asset until replaced and on the basis of the new asset on completion of the
works.

When the original asset’s charging age has reached the duration of its Replacement
Period the User’s charge will be calculated on the then Net Asset Value of the new
asset. The new asset begins depreciating for charging purposes upon completion of
the asset replacement.

The Basic Annual Connection Charge Formulae are set out in Chapter 2: The Basic
Annual Connection Charge Formula.

Asset Replacement that includes a change of Voltage

14.8.3

14.8.4

14.8.5

14.8.6

There are a number of situations where an asset replacement scheme may involve a
change in the voltage level of a User's connection assets. These replacement schemes
can take place over a number of years and may involve a long transitory period in which
connection assets are operational at both voltage levels.

These situations are inevitably different from case to case and hence further charging
principles will need to be developed over time as more experience is gained. Set out
below, are some generic principles. This methodology will be updated as experience
develops.

The general principles used to date are to ensure that, in the transitory period of an
asset replacement scheme, the User does not pay for two full transmission voltage
substations and that the charges levied reflect the Replacement Period of the original
connection assets. In addition, in line with paragraph 14.8.1 above, charges will only
be levied for the new assets once the original assets would have required replacement.

For example, a transmission licensee in investing to meet a future Security Standard
need on the main transmission system, may require the asset replacement of an
existing 275kV substation with a 400kV substation prior to the expiry of the original
assets’ Replacement Period. In this case, The Company will seek to recover the
connection asset component via connection charges when the assets replaced were
due for asset replacement. Prior to this, the User should not see an increase in charges
and therefore the investment costs would be recovered through TNUoS charges.

In addition, if in the interim stage the User has, say, one transformer connected to the
275KV substation and one transformer connected to the 400kV substation, the charge
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will comprise an appropriate proportion of the HV assets at each site and not the full
costs of the two substations. Note that the treatment described above is only made for
transitory asset replacement and not enduring configurations where a User has
connection assets connected to two different voltage substations.
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14.9 Data Requirements

14.9.1 Under the connection charging methodology no data is required from Users in order
to calculate the connection charges payable by the User.

14.10 Applications

14.10.1

14.10.2

14.10.3

14.10.4

Application fees are payable in respect of applications for new connection
agreements and modifications to existing agreements based on the reasonable costs
transmission licensees incur in processing these applications. Users can opt to pay
a fixed price application fee in respect of their application or pay the actual costs
incurred. The fixed price fees for applications are detailed in the Statement of Use
of System Charges.

If a User chooses not to pay the fixed fee, the application fee will be based on an
advance of transmission licensees’ Engineering and out-of pocket expenses and will
vary according to the size of the scheme and the amount of work involved. Once the
associated offer has been signed or lapses, a reconciliation will be undertaken.
Where actual expenses exceed the advance, The Company will issue an invoice for
the excess. Conversely, where The Company does not use the whole of the
advance, the balance will be refunded.

The Company will refund the first application fee paid (the fixed fee or the amount
post-reconciliation) made under the Construction Agreement for new or modified
existing agreements. The refund shall be made either on commissioning or against
the charges payable in the first three years of the new or modified agreement. The
refund will be net of external costs.

The Company will not refund application fees for applications to modify a new
agreement or modified existing agreement at the User’s request before any charges
become payable. For example, The Company will not refund an application fee to
delay the provision of a new connection if this is made prior to charges becoming
payable.
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14.11 lllustrative Connection Charges

From 2021/22 First Year Connection Charges based on the TOPI Method (6% rate of
return used as an example)

14.11.1 The following table provides an indication of typical charges for new connection
assets. Before using the table, it is important to read through the notes below as they
explain the assumptions used in calculating the figures.

Calculation of Gross Asset Value (GAV)

14.11.2 The GAV figures in the following table were calculated using the following
assumptions:

e Each asset is new
e The GAV includes estimated costs of construction, engineering, Interest During
Construction and Liquidated Damages premiums

For details of the Calculation of the Gross Asset Value, see Chapter 2 of this Statement.
Calculation of first year connection charge

14.11.3 The first year connection charges in the following table were calculated using the
following assumptions:

The assets are new

The assets are depreciated over 40 years

The rate of return is assumed to be 6% for TOPI indexation

The connection charges include maintenance costs at a rate of 0.52% of the GAV

The connection charges include Transmission Running Costs at a rate of 1.45% of the
GAV

For details of the Basic Annual Connection Charge Formula, see Chapter 2 of this Statement.

Please note that the actual charges will depend on the specific assets at a site. Agreement
specific NAVs and GAVs for each User will be made available on request.

Notes on Assets

The charges for Double and Single Busbar Bays include electrical and civil costs.
Transformer cable ratings are based on winter soil conditions.

In this example, transformer charges include civil costs of plinth and noise enclosure and

estimated transport costs, but not costs of oil dump tank and fire trap moat. Transport costs
do not include hiring heavy load sea transportation or roll-on roll-off ships.
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£000’s
400kV 275kV 132kV
GAV Charge | GAV Charge | GAV Charge
Double Busbar Bay 2300 239 1890 197 630 65
Single Busbar Bay 1830 190 460 50
Transformer Cables
100m
(incl. Cable sealing
ends)
120MVA 970 100 310 30
180MVA 1480 150 970 101 320 30
240MVA 1520 158 980 102 355 37
750MVA 1540 160 1135 118
Transformers
45MVA 132/66kV 1060 110
90MVA 132/33kV 102 0 106
120MVA 275/33kV 2110 219
180MVA 275/66kV 2560 266
180MVA 275/132kV 2180 227
240MVA 275/132kV 2630 273
240MVA 400/132kV 3180 340
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Connection Examples

Example 1
- -
Transmission
Voltage
<— —>
I I
B | B |
I I
Lower
Voltage
SCHEDULE FOR NEW CONNECTION
132/33kV 400/132kV
First Year First Year
L Charges o Charges
Ref | Description (£000s) Description (£000s)
KEY:
= Exjsting Transmission Assets (infrastructure)
A 2 x 90MVA Transformers 212 2 x 240MVA Transformers 680
New Transmission Assets (infrastructure)
B 2 x 100m 90MVA Cables 20 2 x 100m 240MVA Cables 72
— 2‘5::0?2:%“0” assets wholly charged to C | 2xDouble Busbar 2 x Double Busbar
Transformer Bays 20 Transformer Bays 130
Customer Assets
Total 252 Total 882
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Example 2
Transmission
Voltage
| Lower |
I c Voltage C I
1 1
SCHEDULE FOR NEW CONNECTION
132/33kV 400/132kV
First Year First Year
- Charges L Charges
Ref | Description (£000s) Description (£000s)
KEY:
m— Existing Transmission Assets (infrastructure) A | 2xDouble Busbar 130 2 x Double Busbar 478
Transformer Bays Transformer Bays
New Transmission Assets (infrastructure) B | 2x90MVA Transformers 212 2 x 240MVA Transformers 680
=mmmmm  New connection assets wholly charged to C 2 x 100m 90MVA Cables 20 2 x 100m 240MVA Cables 74
customer
Customer Assets D 2 x Double Busbar 20 2 x Double Busbar 130
Transformer Bays Transformer Bays
Total 382 Total 1362
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Example 3
(extension to single user site)
- _q_‘ ,_D_ --
! Transmission !
I Voltage I
1 1
+— —>
1 1
| |
1 1
| |
1 1
I 1
1 1
| 1
1 1
1 1
1 1
< | i { >
1 1
| 1
Al I
1 \ \ 1
% 1
1 |
C ! ' C
T Lower T
\( Voltage \(
1 ‘ ‘ 1
SCHEDULE FOR NEW CONNECTION
132/33kV 400/132kV
First Year First Year
: Ch Charges
KEY: Ref Description (E(';a(;gz)s Description (googs)
= Existing Transmission Assets (infrastructure)
New Transmission Assets (infrastructure) A 2 x 100m 240MVA Cables 74 2 x 100m 240MVA Cables 316
New connection assets wholly charged to
customer
B 2 x 90MVA Transformers 212 2 x 240MVA Transformers 680
Existing connection assets wholly charged to
another user C 2 x 100m 90MVA Cables 20 2 x 100m 240MVA Cables 74
Customer Assets D | 2xDouble Busbar 20 | 2xDouble Busbar 130
Other Users Assets Transformer Bays Transformer Bays
Total 326 Total 1200
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14.12 Examples of Connection Charge Calculations

The following examples of connection charge calculations are intended as general illustrations.

Example 1

14.12.1 This example illustrates the method of calculating the first year connection charge for
a given asset value. This method of calculation is applicable to indicative price
agreements for new connections, utilising the TOPI method of charging, and assuming:

i) the asset is commissioned on 1 April 2010

i) there is no inflation from year to year i.e. GAV remains constant

iii) the site specific maintenance charge component remains constant throughout the 40
years at 0.52% of GAV

iv) the Transmission Running Cost component remains constant throughout the 40 years
at 1.45% of GAV

V) the asset is depreciated over 40 years

Vi) the rate of return charge remains constant at 6% for the 40 year life of the asset

vii) the asset is terminated at the end of its 40 year life

For the purpose of this example, the asset on which charges are based has a Gross Asset
Value of £3,000,000 on 1 April 2010.

Charge Calculation

Site Specific Maintenance Charge 3,000,000 x 0.52% £15,600
(0.52% of GAV)

Transmission Running Cost 3,000,000 x 1.45% £43,500
(1.45% of GAV)

Capital charge 3,000,000 x 2.5% £75,000
(40 year depreciation 2.5% of GAV)

Return on mid-year NAV 2,962,500 x 6% £177,750
(6%)

TOTAL £311,850

The first year charge of £311,850 would reduce in subsequent years as the NAV of the
asset is reduced on a straight-line basis.
This gives the following annual charges over time (assuming no inflation):

Year Charge

1 £311,850

2 £307,350

10 £271,350

40 £136,350

Based on this example, charges of this form would be payable until 31 March 2050.

Example 2
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14.12.2 The previous example assumes that the asset is commissioned on 1 April 2010. If it
is assumed that the asset is commissioned on 1 July 2010, the first year charge would
equal 9/12th of the first year annual connection charge i.e. £233,887.50

This gives the following annual charges over time:
Year Charge

1 £233,887.50 (connection charge for period July to March)
2 £307,350
10 £271,350
40 £136,350

Example 3

14.12.3 In the case of a firm price agreement, there will be two elements in the connection
charge, a finance component and a running cost component. These encompass the
four elements set out in the examples above. Using exactly the same assumptions as
those in example 1 above, the total annual connection charges will be the same as
those presented. These charges will not change as a result of the adoption of a
different charging methodology by The Company, providing that the connection
boundary does not change.

Example 4

14.12.4 If a User has chosen a 20-year depreciation period for their Post Vesting
connection assets and subsequently remains connected at the site beyond the
twentieth year their charges are calculated as follows.

For years 21-40 they will pay a connection charge based on the following formula:

Annual Connection Charge, = SSF, (TOPIGAV,)+ TC, (GAV,)

The NAV will be zero and the asset will be fully depreciated so there will be no rate of return
or depreciation element to the charge.
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14.13 Nominally Over Equipped Connection Sites

14.13.1 This chapter outlines examples of ways in which a connection site can be considered
as having connection assets that exceed the strict, theoretical needs of the individual
Users at the connection site. These can be described as:

Historical

14.13.2 This is where the connection assets at the connection site were installed to meet a
requirement of the Users for connection capacity that no longer exists. An example
would be where a User, at one time, had a requirement for, say, 270 MW. This would
allocate three 240 MVA 400/132kV transformers to the User. Due to reconfiguration
of that User’s network only 200 MW is now required from the connection site. The
lower requirement would only allocate two transformers, but all the transformers are
kept in service. The connection assets will continue to be assigned to the User’s
connection, and charged for as connection, until the User makes a Modification
Application to reduce the historical requirement. In some cases the Modified
requirement will mean that Termination Payments will have to be made on some
connection assets.

Early Construction

14.13.3 If a User has a multi-phase project, it may be necessary to install connection assets
for the latter phases at the time of the first phase. These connection assets could be
charged from the first phase charging date.

Connection site Specific Technical or Economic Conditions

14.13.4 In circumstances where the transmission licensee has identified a wider requirement
for development of the transmission system, it may elect to install connection assets
of greater size and capacity than the practicable minimum scheme required for a
particular connection. In these circumstances, however, connection charges for the
party seeking connection will normally be based on the level of connection assets
consistent with the practicable minimum scheme needed to meet the applicant's
requirements.

14.13.5 There may be cases where there are specific conditions such that the practicable
minimum scheme at a site has to be greater than the strict, theoretical interpretation
of the standards. In these cases all assets will still be assigned to connection and
connection charges levied.

14.13.6 A practicable minimum scheme is considered in terms of the system as a whole and
may include a change in voltage level.
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Part 2 -

The Statement of the Use of System Charging
Methodology

Section 1 — The Statement of the Transmission Use of System

Charging Methodology

14.14 Principles

14.14.1

14.14.2

Transmission Network Use of System charges reflect the cost of installing,
operating and maintaining the transmission system for the Transmission
Owner (TO) (including Competitively Appointed Transmission Owners
(CATOs)). Activity function of the Transmission Businesses of each Relevant
Transmission Licensee. These activities are undertaken to the standards
prescribed by the ESO Licence and the Transmission Licences, to provide
the capability to allow the flow of bulk transfers of power between connection
sites and to provide transmission system security.

The allowed revenue defined for these activities agreed with the Authority at
the time of the Transmission Owners’ price control review for the succeeding
price control period. The allowed revenue can be adjusted during the price
control period. Transmission Network Use of System Charges are set to
recover the allowed revenue as set by the price control (where necessary,
allowing for any K: adjustment for under or over recovery in a previous year
net of the income recovered through pre-vesting connection charges).

14.14.2a The payments made to Competitively Appointed Transmission Owners

14.14.3

14.14.4

(CATOs) are not set via a price control of the same form as incumbent
Transmission Owners; instead, the payment to each CATO takes the form of
a Tender Revenue Stream (TRS). The method for determining the TRS for
a CATO will be prescribed within its licence. Transmission Network Use of
System Charges are set to recover the Allowed Revenue which is
determined in accordance with the terms of the CATO’s licence, such
Allowed Revenue may include amongst other things the TRS, adjustments
for indexation and incentivisation, and other payments provided for under its
licence.

The basis of charging to recover the allowed revenue is the Investment Cost
Related Pricing (ICRP) methodology, which was initially introduced by The
Company in 1993/94 for England and Wales. The principles and methods
underlying the ICRP methodology were set out in The Company document
"Transmission Use of System Charges Review: Proposed Investment
Cost Related Pricing for Use of System (30 June 1992)".

In December 2003, The Company published the Initial Thoughts
consultation for a GB methodology using the England and Wales
methodology as the basis for consultation. The Initial Methodologies
consultation published by The Company in May 2004 proposed two
options for a GB charging methodology with a Final Methodologies
consultation published in August 2004 detailing The Company’s response
to the Industry with a recommendation for the GB charging methodology. In
December 2004, The Company published a Revised Proposals
consultation in response to the Authority’s invitation for further review on
certain areas in The Company’s recommended GB charging methodology.
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OR

14.14.5 In April 2004 The Company introduced a DC Loadflow (DCLF) ICRP based
transport model for the England and Wales charging methodology. The DCLF
model has been extended to incorporate Scottish network data with existing
England and Wales network data to form the GB network in the model. In April
2005, the GB charging methodology implemented certain proposals which
have been further expanded so that the model now includes the following:

i)

vi.)

vii.)

The application of multi-voltage circuit expansion factors with a forward-
looking Expansion Constant that does not include substation costs in its
derivation.

The application of locational security costs, by applying a multiplier to
the Expansion Constant reflecting the difference in cost incurred on a
secure network as opposed to an unsecured network.

The application of a de-minimus level demand charge of £0/kW for Half
Hourly and £0/kWh for Non-Half Hourly metered demand and £0/KWh
for Unmetered Supplies and £0/site/day for Transmission Demand
Residual Tariffs, to avoid the application of negative demand charges.

The application of 132kV expansion factor on a Transmission Owner
basis reflecting the regional variations in network upgrade plans.

The Company will set tariffs in a manner so that the locational varying
element, as established by the DCLF ICRP model and, where
appropriate, local substation and local circuit charges, are levied on all
Generator and Demand Users. Any remaining Transmission Owner
revenues will be recovered from demand only in a non-locational
manner through the Transmission Demand Residual Tariffs

For the purpose of compliance with the Limiting Regulation in the
context of setting limits on the annual charges paid by generation The
Company will exclude Charges for Physical Assets Required for
Connection when calculating the total amount to be recovered from
Generators (GCharge (Forecast)).

If having applied the exclusion of Charges for Physical Assets Required
for Connection The Company identifies that an adjustment to TNUoS
Charges is required to remain compliant with the Limiting Regulation
then an Adjustment Tariff will be applied to all Generators in the
following circumstances.

a) The Adjustment Tariff will be applied if The Company identifies that
either:
a. Annual average TNUoS charges payable by Generator Users
will fall below €0/MWh

b. Annual average TNUoS charges payable by Generator Users
will exceed €2.50/MWh adjusted by a risk margin to allow for
error in tariff setting.

b) Where annual average TNUoS charges to Generators are positive
under the GCharge (Forecast) the Adjustment Tariff will be applied
if the Adjustment Revenue is less than £0. The Adjustment Revenue
is expressed as:

AdjRevenue = (GO * ((CapEC = (1 —y)) * ER)) —
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OR

d)

g)

h)

1.

GCharge(Forecast)

Where annual average TNUoS charges to Generators are negative
under the GCharge (Forecast) the Adjustment Revenue will be the
difference between £0 and the total recovered from Generators. The
Adjustment Revenue will be expressed as:

AdjRevenue = 0 — GCharge(Forecast)

The total adjusted revenue expected to be recovered from
Generators (AdjGenRev) through TNUoS tariffs can therefore be
expressed as:

AdjGenRev = GCharge(Forecast) + AdjRevenue

The error margin used in calculating TNUoS tariffs for the Financial
Year is expressed as:

y = (1+ ErrorGenRev) / (1 - ErrorGO) -1
Where:
y = error margin expressed in %.

ErrorGenRev = the highest absolute percentage error in
generation revenue collection, adjusted by systemic error, from the
past 5 full years (year t-6 to t-2 inclusive). Systemic error is the
average of %error in generation revenue collection for the past 5
full years. Systemic error can be positive or negative.

ErrorGO = the highest absolute percentage error in generation
TWh outputs, from the past 5 full years (year t-6 to t-2 inclusive).

The Company will use the latest OBR Forecast of £/€ exchange
rate published prior to the 31st October in the year preceding the
relevant Financial Year to convert average annual TNUoS
charges payable by Generators in the GCharge (Forecast) to a
comparable value for the purposes of assessing compliance with
the Limiting Regulation.

The Adjustment Tariff used in the calculation will be either:
a negative £/kW tariff that reduces annual average TNUoOS charges

to Generators to below the risk adjusted upper limit of the Limiting
Regulation in accordance with 14.14.5 (f).

2. a positive £/kW tariff that increases annual average TNUoS charges

to Generators to above the lower limit of the Limiting Regulation in
accordance with 14.14.5 (f).

Expressed in either case as:

AdjTariff = AdjRevenue
ChargeableCapacit€y
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14.14.6

14.14.7

Where;
CapEC = Upper limit of the range specified in the Limiting Regulation
y = Error margin built in to adjust CapEC

GO =Forecast GB Generation Output for generation liable for Transmission
charges (i.e. energy injected into the transmission network in MWh)
for the Financial Year

ER = The latest OBR Forecast €/£ Exchange Rate published prior to the
31st October in the year preceding the relevant Financial Year

GCharge (Forecast) =The total forecast TNUOS revenue to be recovered from
Generators in the Financial Year minus Charges for Physical
Assets Required for Connection.

AdjRevenue = Adjustment Revenue

Chargeable Capacity = as per paragraph 14.18.6

AdjTariff = Any Adjustment Tariff required to remain compliant with the Limiting
Regulation.

viii.)  The currently applicable number of generation zones, determined in
accordance with 14.15.37 and using the criteria outlined in paragraph
14.15.42, is detailed in The Company’s Statement of Use of System
Charges which is available from the Charging website.

iX.) The number of demand zones has been determined as 14,
corresponding to the 14 GSP groups.

The underlying rationale behind Transmission Network Use of System
charges is that efficient economic signals are provided to Users when
services are priced to reflect the incremental costs of supplying them.
Therefore, charges should reflect the impact that Users of the transmission
system at different locations would have on the Transmission Owner's costs,
if they were to increase or decrease their use of the respective systems.
These costs are primarily defined as the investment costs in the transmission
system, maintenance of the transmission system and maintaining a system
capable of providing a secure bulk supply of energy.

The ESO Licence requires The Company to operate the National Electricity
Transmission System to specified standards. In addition The Company and
transmission licensees are required to plan and develop the National
Electricity Transmission System to meet these standards. These
requirements mean that the system must conform to a particular Security
Standard and capital investment requirements are largely driven by the need
to conform to both the deterministic and supporting cost benefit analysis
aspects of this standard. It is this obligation, which provides the underlying
rationale for the ICRP approach, i.e. for any changes in generation and
demand on the system, The Company must ensure that it satisfies the
requirements of the Security Standard.

The Security Standard identifies requirements on the capacity of component
sections of the system given the expected generation and demand at each
node, such that demand can be met and generators’ output over the course of
a year (capped at their Transmission Entry Capacity, TEC) can be
accommodated in the most economic and efficient manner. The derivation of
the incremental investment costs at different points on the system is therefore
determined against the requirements of the system both at the time of peak
demand and across the remainder of the year. The Security Standard uses a
Demand Security Criterion and an Economy Criterion to assess capacity
requirements. The charging methodology therefore recognises both these
elements in its rationale.
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14.14.8

14.14.9

The Demand Security Criterion requires sufficient transmission system
capacity such that peak demand can be met through generation sources as
defined in the Security Standard, whilst the Economy Criterion requires
sufficient transmission system capacity to accommodate all types of generation
in order to meet varying levels of demand efficiently. The latter is achieved
through a set of deterministic parameters that have been derived from a generic
Cost Benefit Analysis (CBA) seeking to identify an appropriate balance
between constraint costs and the costs of transmission reinforcements.

The TNUoS charging methodology seeks to reflect these arrangements
through the use of dual backgrounds in the Transport Model, namely a Peak
Security background representative of the Demand Security Criterion and a
Year Round background representative of the Economy Criterion.

14.14.10 To recognise that various types of generation will have a different impact on

incremental investment costs the charging methodology uses a generator’s
TEC, Peak Security flag, and Annual Load Factor (ALF) when determining
Transmission Network Use of System charges relating to the Peak Security
and Year Round backgrounds respectively. For the Year Round background
the diversity of the plant mix (i.e the proportion of low carbon and carbon
generation) in each charging zone is also taken into account.

14.14.11 In setting and reviewing these charges The Company has a number of further

objectives. These are to:

o  offer clarity of principles and transparency of the methodology;

e inform existing Users and potential new entrants with accurate and stable
cost messages;

e charge on the basis of services provided and on the basis of incremental
rather than average costs, and so promote the optimal use of and
investment in the transmission system; and

e be implementable within practical cost parameters and time-scales.

14.14.12 The Company will typically calculate TNUoS tariffs annually, publishing final

tariffs in respect of a Financial Year by the end of the preceding January.
However The Company may update the tariffs part way through a Financial
Year.
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14.15 Derivation of the Transmission Network Use of System Tariff

14.15.1 The Transmission Network Use of System (TNUoS) Tariff comprises two
separate elements. Firstly, a locationally varying element derived from the
DCLF ICRP transport model to reflect the costs of capital investment in, and
the maintenance and operation of, a transmission system to provide bulk
transport of power to and from different locations. Secondly, a non-
locationally varying element related to the provision of residual revenue
recovery from demand only.

14.15.2 For generation TNUoS tariffs the locational element itself is comprised of five
separate components. Three wider components —

o Wider Peak Security Component
o Wider Year Round Not-shared component
o Wider Year Round component

These components reflect the costs of the wider network under the different
generation backgrounds set out in the Demand Security Criterion (for Peak
Security component) and Economy Criterion (for both Year Round
components) of the Security Standard. The two Year Round components
reflect the unshared and shared costs of the wider network based on the
diversity of generation plant types.

Two local components —

o Local substation, and
o Local circuit

These components reflect the costs of the local network.

Accordingly, the wider tariff represents the combined effect of the three wider
locational tariff components the combination of the two local locational tariff
components.

Finally, an Adjustment Tariff component may also be charged to Generators
as per paragraph 14.14.5.

14.15.3 The process for calculating the TNUOoS tariff is described below.
The Transport Model

Model Inputs

14.15.4 The DCLF ICRP transport model calculates the marginal costs of investment
in the transmission system which would be required as a consequence of an
increase in demand or generation at each connection point or node on the
transmission system, based on a study of peak demand conditions using both
Peak Security and Year Round generation backgrounds on the transmission
system. One measure of the investment costs is in terms of MWkm. This is
the concept that ICRP uses to calculate marginal costs of investment. Hence,
marginal costs are estimated initially in terms of increases or decreases in
units of kilometres (km) of the transmission system for a 1 MW injection to the
system.
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14.15.5 The transport model requires a set of inputs representative of the Demand

Security and Economy Criterion set out in the Security Standards. These
conditions on the transmission system are represented in the Peak Security
and Year Round background respectively as follows:

Nodal generation information per node (TEC, plant type and SQSS scaling factors)
Nodal net demand information

Transmission circuits between these nodes

The associated lengths of these routes, the proportion of which is overhead line or
cable and the respective voltage level

The cost ratio of each of 132kV overhead line, 132kV underground cable, 275kV
overhead line, 275kV underground cable and 400kV underground cable to 400kV
overhead line to give circuit expansion factors

The cost ratio of each separate sub-sea AC circuit and HVDC circuit to 400kV
overhead line to give circuit expansion factors

132kV overhead circuit capacity and single/double route construction information
is used in the calculation of a generator’s local charge.

Offshore transmission cost and circuit/substation data

14.15.6 For a given Financial Year "t", the nodal generation TEC figure and

generation plant types at each node will be based on the Applicable Value for
year "t" in the NETS Electricity Ten Year Statement (ETYS) in year "t-1"
plus updates to the October of year "t-1". The contracted TECs and
generation plant types in the NETS Electricity Ten Year Statement (ETYS)
include all plant belonging to generators who have a Bilateral Agreement with
the TOs. For example, for 2010/11 charges, the nodal generation data is
based on the forecast for 2010/11 in the 2009 NETS Electricity Ten Year
Statement (ETYS) plus any data included in the quarterly updates in October
20009.

14.15.7 Scaling factors for different generation plant types are applied on their

aggregated capacity for both Peak Security and Year Round backgrounds.
The scaling is either Fixed or Variable (depending on the generation plant
type as referenced in the table below) and based on the factors used in the
Security Standard, which are referenced in the same table.

A 10% floor for the Year Round Background variable scaling factor is used
for charging purposes. If the methodology set out in the SQSS for calculating
the variable scaling factor results in a lower number, the variable factor will
be set at 10%, and fixed scaling factors adjusted by a uniform amount. This
adjustment will be based on the SQSS principle that the total scaled output of
all generation plant shall equal the ACS (Annual Average Cold Spell) peak
demand minus total imports from external systems, and can be calculated
using the following equation.

ACSPeak Demand — Z(TEC X 10%)Variable Plant
Y. (TEC x Year Round Scaling Factor)

Adjustment =
Fixed Plant

Adjusted Fixed Scaling Factor = Adjustment X Scaling Factor

Generation Plant Peak Security Year Round
Type Background Background
Intermittent Fixed (0%) Fixed (70%)
Nuclear & CCS Variable Fixed (85%)
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14.15.8

14.15.9

Interconnectors Fixed (0%) Fixed (100%)
Hydro Variable Variable (>10%)
Pumped Storage Variable Fixed (50%)
Peaking Variable Fixed (0%)
Other (Conventional) Variable Variable (>10%)

14.21 includes an example of adjusting scaling factors to ensure compliance
with the floor.

The base scaling factors and generation plant types are set out in the Security
Standard. These may be reviewed from time to time. The latest version will be
used in the calculation of TNUoS tariffs and is published in the Statement of
Use of System Charges

The Company will categorise plant based on the categorisations described
in the Security Standard. Peaking plant will include oil and OCGT
technologies and Other (Conv.) represents all remaining conventional plant
not explicitly stated elsewhere in the table In the event that a power station is
made up of more than one technology type, the type of the higher
Transmission Entry Capacity (TEC) would apply.

Nodal net demand data for the transport model will be based upon the GSP
net demand that Users have forecast to occur at the time of Annual Average
Cold Spell (ACS) Demand for year "t" in the April Electricity Ten Year
Statement (ETYS) for year "t-1" plus updates to the October of year "t-1".

14.15.10 Subject to paragraphs 14.15.15 to 14.15.22, Transmission circuits for

Financial Year "t" will be defined as those with existing wayleaves for the
year "t" with the associated lengths based on the circuit lengths indicated for
year "t" in the April NETS Electricity Ten Year Statement (ETYS) for year
"t-1" plus updates to October of year "t-1". If certain circuit information is not
explicitly contained in the NETS Electricity Ten Year Statement (ETYS),
The Company will use the best information available.

14.15.11 The circuit lengths included in the transport model are solely those, which

relate to assets defined as 'Use of System' assets.

14.15.12 For HVDC circuits, the impedance will be calculated to provide flows based

on a ratio of the capacity provided by the HVDC link relative to the capacities
on all major transmission system boundaries that it parallels.

14.15.13 The transport model employs the use of circuit expansion factors to reflect

the difference in cost between (i) AC Circuits and HVDC circuits, (ii)
underground and sub-sea circuits, (iii) cabled circuits and overhead line
circuits, (iv) 132kV and 275KV circuits, (v) 275kV circuits and 400kV circuits,
and (vi) uses 400kV overhead line (i.e. the 400kV overhead line expansion
factor is 1). As the transport model expresses cost as marginal km
(irrespective of cables or overhead lines), some account needs to be made of
the fact that investment in these other types of circuit (specifically HYDC and
sub-sea cables of various voltages, 400kV underground cable, 275kV
overhead line, 275kV underground cable, 132kV overhead line and 132kV
underground cable) is more expensive than for 400kV overhead line. This is
done by effectively 'expanding' these more expensive circuits by the relevant
circuit expansion factor, thereby producing a larger marginal kilometre to
reflect the additional cost of investing in these circuits compared to 400kV
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overhead line. When calculating the local circuit tariff for a generator,
alternative 132kV and offshore expansion factors to those used in the
remainder of the tariff calculation are applied to the generator’s local circuits.

14.15.14 The circuit expansion factors for HVDC circuits and AC subsea cables are
determined on a case by case basis using the costs which are specific to
individual projects containing HVYDC or AC subsea circuits.

Adjustments to Model Inputs associated with One-off Works

14.15.15 Where, following the implementation of CUSC Modification CMP203, a User
has paid a One-Off Charge that related to One-off Works carried out on an
onshore circuit, and such One-off Works would affect the value of a TNU0S
tariff paid by the User, the transport model inputs associated with the onshore
circuit shall be adjusted by The Company to reflect the asset value that would
have been modelled if the works had been undertaken on the basis of the
original asset design rather than the One-off Works.

14.15.16 Subject to paragraphs 14.15.17 to 14.15.19, where, prior to the
implementation of CUSC Modification CMP203, a User has paid a One-Off
Charge (or has paid a charge to the relevant TO prior to 1st April 2005 on the
same principles as a One-Off Charge) that related to works equivalent to
those described under paragraph 14.15.15, an adjustment equivalent to that
under paragraph 14.15.15 shall be made to the transport model inputs as
follows.

14.15.17 Such adjustment shall be made following a User’s request, which must be
received by The Company no later than the second occurrence of 31
December following the implementation of CUSC Modification CMP203.

14.15.18 The Company shall only make an adjustment to the transport model inputs,
under paragraph 14.15.16 where the charge was paid to the relevant TO prior
to 1st April 2005 where evidence has been provided by the User that satisfies
The Company that works equivalent to those under paragraph 14.15.15 were
funded by the User.

14.15.19 Where a User has sufficient reason to believe that adjustments under
paragraph 14.15.18 should be made in relation to specific assets that affect
a TNUoS tariff that applies to one of its sites and outlines its reasoning to The
Company, The Company shall (upon the User’s request and subject to the
User’s payment of reasonable costs incurred by The Company in doing so)
use its reasonable endeavours to assist the User in obtaining any evidence
The Company or a TO may have to support its position.

14.15.20 Where a request is made under paragraph 14.15.16 on or prior to 315t
December in a Financial Year, and The Company is satisfied based on the
accompanying evidence provided to The Company under paragraph
14.15.17 that it is a valid request, the transport model inputs shall be adjusted
accordingly and taken into account in the calculation of TNUoS tariffs effective
from the year commencing on the 15t April following this and otherwise from
the next subsequent 1% April.

14.15.21 The following table provides examples of works for which adjustments to
transport model inputs would typically apply:
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Ref Description of works

Adjustments

1 Undergrounding - A User
requests to underground an
overhead line at a greater cost.

As the cable cost will be more
expensive than the overhead line
(OHL) equivalent, the circuit will be
modelled as an OHL.

2 Substation Siting Decision - A
User requests to move the
existing or a planned substation
location to a place that means
that the works cannot be
justified as economic by the
TO.

As the revised substation location
may result in circuits being
extended. If this is the case, the
originally designed circuit lengths
(as per the originally designed
substation location) would be used
in the transport model.

3 Circuit Routing Decision - A
User asks to move an existing
or a planned circuit route in a
way in which the works cannot
be justified as economic by the
TO.

As any circuit route changes that
extend circuits are likely to result in
a greater TNUoS tariff, the
originally designed circuit lengths
would be used in the transport
model.

4 Building circuits at lower

voltages - A User requests
lower tower height and
therefore a different voltage.

As lower voltage circuits result in a
higher expansion factor being used,
the circuits would be modelled at
the originally designed higher
voltage.

14.15.22 The following table provides examples of works for which adjustments to

transport model typically would not apply:

Ref Description of works

Reasoning

1 Undergrounding - A User
chooses to have a cable
installed via a tunnel rather
than buried.

Cable expansion factors are
applied in the transport model
regardless of whether a cable is
tunnelled and buried, so there is no
increased TNUOS cost.

2 Additional circuit route works -

A User asks for screening to be
provided around a new or
existing circuit route.

Circuit expansion factors are
applied in the transport model
irrespective of these works, so
there is no increased TNUOS cost.

3 Additional circuit route works -
A User requests that a planned
overhead line route is built
using alternative transmission
tower designs.

Circuit expansion factors are
applied in the transport model
irrespective of these works, so
there is no increased TNUoS cost.

4 Additional substation works - A

User asks for screening to be
provided around a new or
existing substation.

The additional substation works will
not affect the User's TNU0oS
charge as there is no effect on
power flows or circuit costs within
the transport model.
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Ref

Description of works

Reasoning

Additional substation works -
Changes to connection assets
(e.g. HV-LV transformers and
associated switchgear),
metering, additional LV
supplies, additional protection
equipment, additional building
works, etc.

The additional substation works will
not affect the User's TNUoS
charge as there is no effect on
power flows or circuit costs within
the transport model.

Diversion - A User asks to
temporarily move an existing or
a planned circuit route in a way
in which the works cannot be
justified as economic by the
TO.

The temporary circuit changes will
not be incorporated into the
transport model.

Connection Entry Capacity
(CEC) before Transmission
Entry Capacity (TEC). A User
asks for a connection in a year
prior to the relating TEC,; i.e.
physical connection without
capacity.

No additional works are being
undertaken, works are simply being
completed well in advance of the
generator commissioning. The
One-Off Charge reflects the
depreciated value of the assets
prior to commissioning (and any
TNUoS being charged).

Early asset replacement - An
asset is replaced prior to the
end of its expected life.

As the asset is simply replaced, no
data in the transport model is
expected to change.

Additional Engineering/
Mobilisation costs - A User
requests changes to the
planned works, that results in
additional operational costs.

The data in the transport model is
unaffected.

10

Offshore (Generator Build) -
Any of the works described
above or under paragraph
14.15.18.

The value of the works will not form
part of the asset transfer value
therefore will not be used as part of
the offshore tariff calculation.

11

Offshore (Offshore
Transmission Owner (OFTO)
Build) - Any of the works
described above or under
paragraph 14.15.18.

As part of determining the TNUoS
revenue associated with each
asset, the value of the One-Off
Works would be excluded when
pro-rating the OFTO’s allowed
revenue against assets by asset
value.

14.15.23 The Company shall publish any adjusted transport model inputs that it
intends to use in the calculation of TNUoS tariffs effective from the year
commencing on the following 1t April in the NETS Electricity Ten Year
Statement (ETYS) October Update. Any further adjustments that The
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Company makes shall be published by The Company upon the publication
of the final TNUoS tariffs for the year concerned.

Model Outputs

14.15.24 The transport model takes the inputs described above and carries out the

following steps individually for Peak Security and Year Round backgrounds.

14.15.25 Depending on the background, the TEC of the relevant generation plant types

are scaled by a percentage as described in 14.15.7, above. The TEC of the
remaining generation plant types in each background are uniformly scaled
such that total national generation (scaled sum of contracted TECs) equals
total national ACS Demand.

14.15.26 For each background, the model then uses a DCLF ICRP transport algorithm

to derive the resultant pattern of flows based on the network impedance
required to meet the nodal net demand using the scaled nodal generation,
assuming every circuit has infinite capacity. Flows on individual transmission
circuits are compared for both backgrounds and the background giving rise
to the highest flow is considered as the triggering criterion for future
investment of that circuit for the purposes of the charging methodology.
Therefore all circuits will be tagged as Peak Security or Year Round
depending upon the background resulting in the highest flow. In the event that
both backgrounds result in the same flow, the circuit will be tagged as Peak
Security. Then it calculates the resultant total network Peak Security MWkm
and Year Round MWkKkm, using the relevant circuit expansion factors as
appropriate.

14.15.27 Using these baseline networks for Peak Security and Year Round

backgrounds, the model then calculates for a given injection of 1MW of
generation at each node, with a corresponding 1MW offtake (net demand)
distributed across all demand nodes in the network, the increase or decrease
in total MWkm of the whole Peak Security and Year Round networks. The
proportion of the 1MW offtake allocated to any given demand node will be
based on total background nodal net demand in the model. For example, with
a total net GB demand of 60GW in the model, a node with a net demand of
600MW would contain 1% of the offtake i.e. 0.01MW.

14.15.28 Given the assumption of a 1MW injection, for simplicity the marginal costs are

expressed solely in km. This gives a Peak Security marginal km cost and a
Year Round marginal km cost for generation at each node (although not that
used to calculate generation tariffs which considers local and wider cost
components). The Peak Security and Year Round marginal km costs for
demand at each node are equal and opposite to the Peak Security and Year
Round nodal marginal km respectively for generation and this is used to
calculate demand tariffs. Note the marginal km costs can be positive or
negative depending on the impact the injection of 1MW of generation has on
the total circuit km.

14.15.29 Using a similar methodology as described above in 14.15.27, the local and

wider marginal km costs used to determine generation TNUoS tariffs are
calculated by injecting 1MW of generation against the node(s) the generator
is modelled at and increasing by 1MW the offtake across the distributed
reference node. It should be noted that although the wider marginal km costs
are calculated for both Peak Security and Year Round backgrounds, the local
marginal km costs are calculated on the Year Round background.
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14.15.30 In addition, any circuits in the model, identified as local assets to a node will
have the local circuit expansion factors which are applied in calculating that
particular node’s marginal km. Any remaining circuits will have the TO specific
wider circuit expansion factors applied.

14.15.31 An example is contained in 14.21 Transport Model Example.
Calculation of local nodal marginal km

14.15.32 In order to ensure assets local to generation are charged in a cost reflective
manner, a generation local circuit tariff is calculated. The nodal specific
charge provides a financial signal reflecting the security and construction of
the infrastructure circuits that connect the node to the transmission system.

14.15.33 Main Interconnected Transmission System (MITS) nodes are defined as:

¢ Grid Supply Point connections with 2 or more transmission circuits connecting
at the site; or
e connections with more than 4 transmission circuits connecting at the site.

14.15.34 Where a Grid Supply Point is defined as a point of supply from the National
Electricity Transmission System to network operators or non-embedded
customers excluding generator or interconnector load alone. For the
avoidance of doubt, generator or interconnector load would be subject to the
circuit component of its Local Charge. A transmission circuit is part of the
National Electricity Transmission System between two or more circuit-
breakers which includes transformers, cables and overhead lines but
excludes busbars and generation circuits.

14.15.35 Generators directly connected to a MITS node will have a zero local circuit
tariff.

14.15.36 Generators not connected to a MITS node will have a local circuit tariff derived
from the local nodal marginal km for the generation node i.e. the increase or
decrease in marginal km along the transmission circuits connecting it to all
adjacent MITS nodes (local assets).

Calculation of zonal marginal km

14.15.37 Given the requirement for relatively stable cost messages through the ICRP
methodology and administrative simplicity, nodes are assigned to zones. The
currently applicable number of generation zones is detailed in The
Company's Statement of Use of System Charges which is available from
the Charging website.

14.15.38 Demand zone boundaries have been fixed and relate to the GSP Groups
used for energy market settlement purposes.

14.15.39 The nodal marginal km are amalgamated into zones by weighting them by
their relevant generation or demand capacity.

14.15.40 Generators will have zonal tariffs derived from both, the wider Peak Security
nodal marginal km; and the wider Year Round nodal marginal km for the
generation node calculated as the increase or decrease in marginal km along
all transmission circuits except those classified as local assets.
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The zonal Peak Security marginal km for generation is calculated as:

NMkm_/PS * Genj
WNMkm ips =

S z Gen,

JjeGi

ZMkmg, ,c = > WNMkm
JjeGi

Where
Gi = Generation zone
j = Node
NMkmps = Peak Security Wider nodal marginal km from transport model
WNMKmps = Peak Security Weighted nodal marginal km
ZMKkmeps = Peak Security Zonal Marginal km
Gen = Nodal Generation (scaled by the appropriate Peak Security

Scaling factor) from the transport model
Similarly, the zonal Year Round marginal km for generation is calculated as

NMkijR * Genj
WNMkm im =

Z Gen,

JjeGi

ZMlkm, ., = ZWNMkm_I.YR

JjeGi
Where
NMkmvr = Year Round Wider nodal marginal km from transport model
WNMkmyr = Year Round Weighted nodal marginal km
ZMkmyr = Year Round Zonal Marginal km
Gen = Nodal Generation (scaled by the appropriate Year Round

Scaling factor) from the transport model

14.15.41 The zonal Peak Security marginal km for demand zones are calculated as
follows. If Nodal Demand from a node is less than 0 (Exporting) the nodal
demand will be set to zero and therefore not contribute to the Zonal marginal
km

-1 *NMkmj * Demj
WNMkm . = PS
JPS Z D emj
jeDi

ZMbkm,, s = > WNMkm , ,

S
jeDi

Where:
Di = Demand zone
Dem = Positive Nodal Net Demand from transport model

Similarly, the zonal Year Round marginal km for demand zones are calculated
as follows:
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—1* NMkm ;y, * Dem;

ZDemj

jeDi

WNMkm ;, =

ZMkm = > WNMkm

jeDi

14.15.42 The number of generation zones will be fixed to 27 zones and the assignment
of existing relevant nodes to these 27 generation zones will be fixed to those
that are effective as of 315 March 2021 based on methodology in effect during
the 2020/21. Relevant nodes are considered to be those with generation
connected to them. Financial Year. Any newly created relevant nodes will
be assigned to one of the 27 generation zones.

14.15.43 Not Used
14.15.44 Not Used
14.15.45 Not Used
Accounting for Sharing of Transmission by Generators

14.15.46 A proportion of the marginal km costs for generation are shared incremental
km reflecting the ability of differing generation technologies to share
transmission investment. This is reflected in charges through the splitting of
Year Round marginal km costs for generation into Year Round Shared
marginal km costs and Year Round Not-Shared marginal km which are then
used in the calculation of the wider £/kW generation tariff.

14.15.47 The sharing between different generation types is accounted for by (a) using
transmission network boundaries between generation zones set by
connectivity between generation charging zones, and (b) the proportion of
Low Carbon and Carbon generation behind these boundaries.

14.15.48 The zonal incremental km for each generation charging zone is split into each
boundary component by considering the difference between it and the
neighbouring generation charging zone using the formula below;

Blkm , = Zlkm, — ZIkm,

Where;

Blkmap, = boundary incremental km between generation charging zone A
and generation charging zone B

Zlkm = generation charging zone incremental km.

14.15.49 The table below shows the categorisation of Low Carbon and Carbon
generation. This table will be updated by The Company in the Statement of
Use of System Charges as new generation technologies are developed.

Carbon Low Carbon

Coal Wind

Gas Hydro (excl. Pumped Storage)
Biomass Nuclear

Qil Marine
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Pumped Storage | Tidal
Interconnectors

Determination of Connectivity

14.15.50 Connectivity is based on the existence of electrical circuits between TNUoS
generation charging zones that are represented in the Transport model.
Where such paths exist, generation charging zones will be effectively linked
via an incremental km transmission boundary length. These paths will be
simplified through in the case of;

o Parallel paths — the longest path will be taken. An illustrative example is shown
below with x, y and z representing the incremental km between zones.

x | ZoneA ' Zone A
\ 1 II x
.
Zone B | Zone B
y Zone C y
Zone C

e Parallel zones — parallel zones will be amalgamated with the incremental km
immediately beyond the amalgamated zones being the greater of those existing
prior to the amalgamation. An illustrative example is shown below with a, b, c,
and d representing the initial incremental km between zones, and x and y
representing the final incremental km following zonal amalgamation.

_ A
a Zone A b I, X=a+d-y
- -~ e — B.C )
Zone B Zone C ‘ ‘
~__ N> ' | y=higherofdorc
d | ZoneD | ¢ ‘T‘

14.15.51 An illustrative Connectivity diagram is shown below:
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Z20

Z1

z3 z2
za
Z6

zs .
27

zs { z10
z9

zZ11
z13

z12
Z14

zZ1s

z18 o Z17

Z16

The arrows connecting generation charging zones and amalgamated generation

charging
towards t

zones represent the incremental km transmission boundary lengths
he notional centre of the system. Generation located in charging zones

behind arrows is considered to share based on the ratio of Low Carbon to Carbon
cumulative generation TEC within those zones.

14.15.52 The Company will review Connectivity at the beginning of a new price control

peri

od, and under exceptional circumstances such as major system

reconfigurations. If any such reassessment is required, it will be undertaken

aga

inst a background of minimal change to existing Connectivity and in line

with the notification process set out in the ESO Licence, the Transmission
Licence and the CUSC.

Calculation of Boundary Sharing Factors

14.15.53 Boundary sharing factors (BSFs) are derived from the comparison of the
cumulative proportion of Low Carbon and Carbon generation TEC behind

eac

h of the incremental MWkm boundary lengths using the following formulae

LC
c+C
BSF is 100%.

If 7 <0.5, then all Year round marginal km costs are shared i.e. the

Where:

LC = Cumulative Low Carbon generation TEC behind the relevant
transmission boundary

C = Cumulative Carbon generation TEC behind the relevant transmission
boundary
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If LC »0.5 _then the BSF is calculated using the following formula: -
LC+C
BSF =| —2x LC +2
LC+C
Where:

BSF = boundary sharing factor.

14.15.54 The shared incremental km for each boundary are derived from the
multiplication of the boundary sharing factor by the incremental km for that
boundary;

SBlkm , = Bllkm, x BSF,

Where;

SBlkma, = shared boundary incremental km between generation
charging zone A and generation charging zone B

BSFa, = generation charging zone boundary sharing factor.

14.15.55 The shared incremental km is discounted from the incremental km for that
boundary to establish the not-shared boundary incremental km. The not-
shared boundary incremental km reflects the cost of transmission investment
on that boundary accounting for the sharing of power stations behind that
boundary.

NSBlkm , = Blkm, — SBlkm ,

Where;
NSBIlkmap = not shared boundary incremental km between generation
charging zone A and generation charging zone B.

14.15.56 The shared incremental km for a generation charging zone is the sum of the
appropriate shared boundary incremental km for that generation charging
zone as derived from the connectivity diagram.

D" NSBlkm,, = ZMkm,,

Where;
ZMKmpyrs = Year Round Shared Zonal Marginal km for

generation charging zone n.

14.15.57 The not-shared incremental km for a generation charging zone is the sum of
the appropriate not-shared boundary incremental km for that generation
charging zone as derived from the connectivity diagram.

D NSBlkm,, = ZMkm, s
Where;

ZMKmpyrns = Year Round Not-Shared Zonal Marginal km for generation zone
n.

Deriving the Final Local £/kW Tariff and the Wider £/kW Tariff
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14.15.58 The zonal marginal km (ZMkmg;) are converted into costs and hence a tariff

by multiplying by the Expansion Constant and the Locational Security
Factor (see below). The nodal local marginal km (NLMkm') are converted
into costs and hence a tariff by multiplying by the Expansion Constant and
a Local Security Factor.

The Expansion Constant

14.15.59 The expansion constant, expressed in £/MWkm, represents the annuitised

value of the transmission infrastructure capital investment required to
transport 1 MW over 1 km. Its magnitude is derived from the projected cost
of 400kV overhead line, including an estimate of the cost of capital, to provide
for future system expansion.

14.15.60 In the methodology, the expansion constant is used to convert the marginal

km figure derived from the transport model into a £/MW signal. The tariff
model performs this calculation, in accordance with 14.15.96 — 14.15.121,
and also then calculates the residual element of the overall tariff (to ensure
correct revenue recovery in accordance with the price control), in accordance
with 14.15.137.

14.15.61 The transmission infrastructure capital costs used in the calculation of the

expansion constant are provided via an externally audited process. They also
include information provided from all onshore Transmission Owners (TOs).
They are based on historic costs and tender valuations adjusted by a number
of indices (e.g. global price of steel, labour, inflation, etc.). The objective of
these adjustments is to make the costs reflect current prices, making the
tariffs as forward looking as possible. This cost data represents The
Company’s best view; however it is considered as commercially sensitive
and is therefore treated as confidential. The calculation of the expansion
constant also relies on a significant amount of transmission asset information,
much of which is provided in the Electricity Ten Year Statement (ETYS).

14.15.62 For each circuit type and voltage used onshore, an individual calculation is

carried out to establish a £/MWkm figure, normalised against the 400KV
overhead line (OHL) figure, these provide the basis of the onshore circuit
expansion factors discussed in 14.15.70 — 14.15.77. In order to simplify the
calculation a unity power factor is assumed, converting £/MVAkm to £/MWkm.
This reflects that the fact tariffs and charges are based on real power.

14.15.63 The table below shows the first stage in calculating the onshore expansion

constant. A range of overhead line types is used and the types are weighted
by recent usage on the transmission system. This is a simplified calculation
for 400kV OHL using example data:

400kV OHL expansion constant calculation

MW Type £(000)/km  Circuit km* £/MWkm Weight
A B C D E=C/A F=E*D
6500 La 700 500 107.69 53846
6500 Lb 780 0 120.00 0

3500 La/b 600 200 171.43 34286
3600 Lc 400 300 111.11 33333
4000 Lc/a 450 1100 112.50 123750
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5000 Ld 500 300 100.00 30000
5400 Ld/a 550 100 101.85 10185
Sum 2500 (G) 285400 (H)
Weighted Average
(J= HIG): 114.160 (J)

*These are circuit km of types that have been provided in the previous 10 years. If
no information is available for a particular category the best forecast will be used.

14.15.64 The weighted average £/MWkm (J in the example above) is then converted
in to an annual figure by multiplying it by an annuity factor. The formula used
to calculate of the annuity factor is shown below:

' 1
Annuityfactor = (1 B (1 WACC )—AssetLl)’é )

WACC

14.15.65 The Weighted Average Cost of Capital (WACC) and asset life are established
at the start of a price control and remain constant throughout a price control
period. The WACC used in the calculation of the annuity factor is NGET’s
regulated rate of return, this assumes that it will be reasonably representative
of all licensees. The asset life used in the calculation is 50 years; the
appropriateness of this is reviewed when the annuity factor is recalculated at
the start of a price control period. These assumptions, applied in accordance
with 14.15.64, provide a current annuity factor, as set out in The Company's
Statement of Use of System Charges which is available from the Charging
website.

14.15.66 The final step in calculating the expansion constant is to add a share of the
annual transmission overheads (maintenance, rates etc). This is done by
multiplying the average weighted cost (J) by an ‘overhead factor’. The
‘overhead factor’ represents the total business overhead in any year divided
by the total Gross Asset Value (GAV) of the transmission system. This is
recalculated at the start of each price control period. The currently applicable
overhead factor used in the calculation of the current expansion constant is,
calculated as above, and detailed in The Company's Statement of Use of
System Charges which is available from the Charging website. The
overhead and annuitised costs are then added to give the expansion
constant.

14.15.67 Using the previous example, and the 2009/10 values for the annuity factor
(6.6%) and overhead factor (1.8%), the final steps in establishing the
expansion constant are demonstrated below:

400kV OHL expansion constant calculation Ave £/MWkm
OHL 114.160
Annuitised 7.535
Overhead 2.055
Final 9.589

14.15.68 This process is carried out for each voltage onshore, along with other
adjustments to take account of upgrade options, see 14.15.73, and
normalised against the 400KV overhead line cost (the expansion constant)
the resulting ratios provide the basis of the onshore expansion factors. The
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process used to derive circuit expansion factors for Offshore Transmission
Owner networks is described in 14.15.80.

14.15.69 This process of calculating the incremental cost of capacity for a 400kV OHL,
along with calculating the onshore expansion factors is carried out for the first
year of the price control and is increased by inflation, TOPI, (May—October
average increase, as defined in the ESO Licence and/or Transmission
Licence) each subsequent year of the price control period. The currently
applicable expansion constant is detailed in The Company's Statement of
Use of System Charges which is available from the Charging website.

14.15.69A Notwithstanding Paragraph 14.15.69 from the first year of (and during) the
T2 price control (which starts on 1st April 2021), until a further change is made, the
Expansion Constant will be that used in the 2020/21 Financial Year inflated in
accordance with TOPI as per paragraph 14.15.69; and plus inflation as defined in the
ESO License and/or Transmission Licence for each subsequent year of the T2 price
control.

Onshore Wider Circuit Expansion Factors

14.15.70 Base onshore expansion factors are calculated by deriving individual
expansion constants for the various types of circuit, following the same
principles used to calculate the 400kV overhead line expansion constant. The
factors are then derived by dividing the calculated expansion constant by the
400kV overhead line expansion constant. The factors will be fixed for each
respective price control period.

14.15.71 In calculating the onshore underground cable factors, the forecast costs are
weighted equally between urban and rural installation, and direct burial has
been assumed. The operating costs for cable are aligned with those for
overhead line. An allowance for overhead costs has also been included in the
calculations.

14.15.72 The 132kV onshore circuit expansion factor is applied on a TO basis. This is
to reflect the regional variation of plans to rebuild circuits at a lower voltage
capacity to 400kV. The 132kV cable and line factor is calculated on the
proportion of 132kV circuits likely to be uprated to 400kV. The 132kV
expansion factor is then calculated by weighting the 132kV cable and
overhead line costs with the relevant 400kV expansion factor, based on the
proportion of 132kV circuitry to be uprated to 400kV. For example, in the TO
areas of NGET and Scottish Power where there are no plans to uprate any
132kV circuits, the full cable and overhead line costs of 132kV circuit are
reflected in the 132kV expansion factor calculation.

14.15.73 The 275kV onshore circuit expansion factor is applied on a GB basis and
includes a weighting of 83% of the relevant 400kV cable and overhead line
factor. This is to reflect the averaged proportion of circuits across all three
Onshore Transmission Licensees which are likely to be uprated from 275kV
to 400kV across GB within a price control period.

14.15.74 The 400kV onshore circuit expansion factor is applied on a GB basis and
reflects the full costs for 400kV cable and overhead lines.
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14.15.75 AC sub-sea cable and HVDC circuit expansion factors are calculated on a
case by case basis using actual project costs (Specific Circuit Expansion
Factors) net of any Cost Adjustments.

14.15.76 Calculation of HVDC circuit expansion factors, and AC sub-sea circuit
expansion factors, shall include only: the cost of the converters (where
applicable); and the cost of the cable; and a percentage of the total overhead
project costs, defined as the combined costs of the cables and converters (as
relevant) divided by the total capital cost of the project minus a percentage of
the Cost Adjustment, defined as the combined costs of the cables, converters
(as relevant) and appropriate overhead costs, as calculated above, all divided
by the total capital cost of the project.

14.15.77 The TO specific onshore circuit expansion factors which are currently
applicable, are detailed in The Company's Statement of Use of System
Charges which is available from the Charging website.

Onshore Local Circuit Expansion Factors

14.15.78 The local onshore circuit tariff is calculated using local onshore circuit
expansion factors. These expansion factors are calculated using the same
methodology as the onshore wider expansion factor but without taking into
account the proportion of circuit kms that are planned to be uprated.

14.15.79 In addition, the 132kV onshore overhead line circuit expansion factor is sub
divided into four more specific expansion factors. This is based upon
maximum (winter) circuit continuous rating (MVA) and route construction
whether double or single circuit. The 132kV onshore overhead line circuit
expansion factors which are currently applicable, are detailed in The
Company's Statement of Use of System Charges which is available from
the Charging website.

Onshore Expansion Factors in RIIO-T2

14.15.79A Notwithstanding Paragraph 14.15.69, the previous paragraphs and
following the same intent as adopted at Paragraph 14.15.69A, from the first year of
(and during) the T2 price control (which starts on 1st April 2021), until a further
change is made, the Onshore expansion factors (being the Onshore local circuit
factors and the Onshore wider circuit expansion factors, except those used for
HVDC circuits and sub-sea AC cable) will be the value used in the 2020/21
Financial Year. For clarity HVDC circuits and sub-sea AC cable will continue to be
calculated in accordance with 14.15.75.

Offshore Circuit Expansion Factors

14.15.80 Offshore expansion factors (£/MWkm) are derived from information provided
by Offshore Transmission Owners for each offshore circuit. Offshore
expansion factors are Offshore Transmission Owner and circuit specific.
Each Offshore Transmission Owner will periodically provide, via the STC,
information to derive an annual circuit revenue requirement. The offshore
circuit revenue shall include revenues associated with the Offshore
Transmission Owner’s reactive compensation equipment, harmonic filtering
equipment, asset spares and HVDC converter stations.

14.15.81 In the year that the offshore transmission assets are transferred to the

Offshore Transmission Owner, the offshore circuit expansion factor would be
calculated as follows:
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CRevOFTOL + Onshore 400kV OHL Expansion Constant
L x CircRat
Where:
CRevOFTO1 = The offshore circuit revenue in £ for Year 1
L = The total circuit length in km of the offshore circuit
CircRat = The continuous rating of the offshore circuit

14.15.82 In all subsequent years, the offshore circuit expansion factor would be
calculated as follows:

AvCRevOFTO
veney + Onshore 400kV OHL Expansion Constant
L xCircRat
Where:
AvCRevOFTO = The annual offshore circuit revenue averaged over the
remaining years of the onshore National Electricity
Transmission System Operator (NETSO) price control
L = The total circuit length in km of the offshore circuit
CircRat = The continuous rating of the offshore circuit

14.15.83 For the avoidance of doubt, the offshore circuit revenue values, CRevOFTO!
and AvCRevOFTO shall be determined using asset values after the removal of
any One-Off Charges.

14.15.84 Prevailing OFFSHORE TRANSMISSION OWNER specific expansion factors
will be published in The Company's Statement of Use of System Charges
which is available from the Charging website. These shall be recalculated
for the start of each price control period using the formula in paragraph
14.15.82. For each subsequent year within the price control period, these
expansion factors will be adjusted by the annual Offshore Transmission
Owner specific indexation factor, OFTOInd, calculated as follows;

OFTOIndr_f _ OFTORevIndy ¢

TOPI;
where:
OFTOIndy¢ = the indexation factor for Offshore
Transmission
Owner fin respect of Financial Year
OFTOReviInd;¢ = the indexation rate applied to the revenue of
Offshore Transmission Owner f under the
terms of its transmission licence in respect of
Financial Year f; and
TOPI; = the indexation rate applied to the expansion

constant in respect of Financial Year .

Offshore Interlinks
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14.15.85 The revenue associated with an Offshore Interlink shall be divided entirely
between those generators benefiting from the installation of that Offshore
Interlink. Each of these Users will be responsible for their charge from their
charging date, meaning that a proportion of the Offshore Interlink revenue
may be socialised prior to all relevant Users being chargeable. The proportion
associated with each User will be based on the Measure of Capacity to the
MITS using the Offshore Interlink(s) in the event of a single circuit fault on the
User’s circuit from their offshore substation towards the shore, compared to
the Measure of Capacity of the other Users.

Where:

An Offshore Interlink is a circuit which connects two offshore substations that
are connected to a Single Common Substation. It is held in open standby until
there is a transmission fault that limits the User’s ability to export power to the
Single Common Substation. In the Transport Model, they are to be modelled
in open standby.

A Single Common Substation is a substation where:

i. each substation that is connected by an Offshore Interlink is connected
via at least one circuit without passing through another substation; and

i all routes connecting each substation that is connected by an Offshore
Interlink to the MITS pass through.

The Measure of Capacity to the MITS for each Offshore substation is the
result of the following formula or zero whichever is larger. For the situation
with only one interlink, all terms relating to C should be set to zero:

For Substation A:
min { Capiag, ILFa x TECa - RCapa, Capg- ILFg x TECg + min (Capiac, Capc -
ILFc x TEC(;) }

For Substation B:
min { ILFg x TECg - RCapg, min (Capiag, Capa - ILFa x TECa )
+ min ( Capisc, Capc - ILF¢c x TECc) }

For Substation C:
min { Capisc, ILFc x TECc-- RCapc, Caps- ILFg x TECg + min (Capias, Capa —
ILFA x TECa) }

and

Capins = total capacity of the Offshore Interlink between substations A

and B

Capic = total capacity of the Offshore Interlink between substations B

and C

Capx = total capacity of the circuit between offshore substation X and
the Single Common Substation, where X is A, B or C.

RCapx = remaining capacity of the circuit between offshore substation X

and the Single Common Substation in the event of a single
cable fault, where X is A, B or C.

TECx = the sum of the TEC for the Users connected, or contracted to
connect, to offshore substation X, where X is A, B or C, where
the value of TEC will be the maximum TEC that each User has
held since the initial charging date, or is contracted to hold if
prior to the initial charging date.

ILFx Offshore Interlink Load Factor, where X is A, B or C.
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The Offshore Interlink Load Factor (ILF) is based on the Annual
Load Factor (ALF). Until all the Users connected to a Single
Common Substation have a station specific Annual Load Factor
based on five years of data, the generic ALF for the fuel type
will be used as the ILF for all stations. When all Users have a
station specific ALF, the value of the ALF in the first such year
will be used as the ILF in the calculation for all subsequent
Financial Years.

14.15.86 The apportionment of revenue associated with Offshore Interlink(s)

in 14.15.85 applies in situations where the Offshore Interlink was
included in the design phase, or if one or more User(s) has already
financially committed or been commissioned then only where that
User(s) agrees to the Offshore Interlink.

14.15.87 Alternatively to the formula specified in 14.15.85 the proportion of

the OFTO revenue associated with the Offshore Interlink allocated
to each generator benefiting from the installation of an Offshore
Interlink may be agreed between these Users. In this event:

All relevant Users shall notify The Company of its respective
proportions three months prior the OTSDUW asset transfer in the
case of a generator build, or the charging date of the first generator,
in the case of an OFTO build.

All relevant Users may agree to vary the proportions notified under
(a) by each writing to The Company three months prior to the
charges being set for a given Financial Year.

Once a set of proportions of the OFTO revenue associated with the
Offshore Interlink has been provided to The Company, these will
apply for the next and future Financial Years unless and until The
Company is informed otherwise in accordance with (b) by all of the
relevant Users.

If all relevant Users are unable to reach agreement on the
proportioning of the OFTO revenue associated with the Offshore
Interlink they can raise a dispute. Any dispute between two or more
Users as to the proportioning of such revenue shall be managed in
accordance with CUSC Section 7 Paragraph 7.4.1 but the reference
to the ‘London Court of International Arbitration’ shall instead be to
the ‘Authority’ and the Authority’s determination of such dispute
shall, without prejudice to apply for judicial review of any
determination, be final and binding on the Users.

The Locational Onshore Security Factor

14.15.88 The locational onshore security factor for everything other than Identified

Onshore Circuits is derived by running a secure DCLF ICRP transport study
of the network excluding local circuits and Identified Onshore Circuits based
on the same market background as used for Zoning in the DCLF ICRP
transport model. This calculates the nodal marginal costs where peak net
demand can be met despite the Security and Quality of Supply Standard
contingencies (simulating single and double circuit faults) on the network.
Essentially the calculation of secured nodal marginal costs is identical to the
process outlined above except that the secure DCLF study additionally
calculates a nodal marginal cost taking into account the requirement to be
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secure against a set of worse case contingencies in terms of maximum flow
for each circuit.

14.15.89 For the purposes of 14.15.88 the secured nodal cost differential is compared

to that produced by the DCLF ICRP transport model and the resultant ratio of
the two determines the locational security factor using the Least Squares Fit
method. Further information may be obtained from the charging website?.

14.15.90 For the purposes of 14.15.88 the locational onshore security factor, derived

in accordance with paragraphs 14.15.88 and 14.15.89 and expressed to two
decimal places, is based on an average from a number of studies conducted
by The Company to account for future network developments. This security
factor is reviewed for each price control period and fixed for the duration. The
locational onshore security factor which is currently applicable, is detailed in
The Company's Statement of Use of System Charges, which is available
from the Charging website.

14.15.90A An Identified Onshore Circuit shall be defined as a single transmission HVDC

subsea circuit or a single transmission AC subsea circuit between two MITS
Nodes where there is only one route for the power to flow between the two
MITS Nodes. The expansion factors for Identified Onshore Circuits are
adjusted by dividing the applicable expansion factor for the lIdentified
Onshore Circuits, calculated as per Sections 14.15.70 to 14.15.77, by the
locational onshore security factor calculated in 14.15.90. When the locational
onshore security factor is applied as per Section 14.15.94 and 14.15.95, this
would result in an effective locational onshore security factor for Identified
Onshore Circuits of 1.0.

Local Security Factors

14.15.91 Local onshore security factors are generator specific and are applied to a

generator’s local onshore circuits. If the loss of any one of the local circuits
prevents the export of power from the generator to the MITS then a local
security factor of 1.0 is applied. For generation with circuit redundancy, a local
security factor is applied that is equal to the locational security factor, derived
in accordance with paragraphs 14.15.88 and 14.15.90.

14.15.92 Where a Transmission Owner has designed a local onshore circuit (or

otherwise that circuit once built) to a capacity lower than the aggregated TEC
of the generation using that circuit, then the local security factor of 1.0 will be
multiplied by a Counter Correlation Factor (CCF) as described in the formula
below;

Dmin +7—;’a
CCF=—"__*%
Gcap

Where; Dmin = minimum annual net demand (MW) supplied via that circuit in
the absence of that generation using the circuit

Teap = transmission capacity built (MVA)

2 https://www.nationalgrideso.com/industry-information/charging
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Geap = aggregated TEC of generation using that circuit

CCF cannot be greater than 1.0.

14.15.93 A specific offshore local security factor (LocalSF) will be calculated for each
offshore connection using the following methodology:

LocalSF — NetworkExportCapacity
ZGenk
k
Where:
NetworkExportCapacity = the total export capacity of the network disregarding any
Offshore Interlinks
k =  the generation connected to the offshore network

14.15.94 The local offshore security factor for single circuits with a single cable will be
1.0 and for multiple circuit connections will be capped at the locational onshore
security factor, derived in accordance with 14.15.88-14.15.90.

14.15.95 The offshore local security factor for configurations with one or more Offshore
Interlinks is updated so that the offshore circuit tariff will include the proportion
of revenue associated with the Offshore Interlink(s). The specific offshore local
security factor for configurations involving an Offshore Interlink, which may be
greater than the locational onshore security factor, will be calculated for each
offshore connection using the following methodology:

IRevOFTO x NetworkExportCapacity + LocalSF.

LocalSF = N
CRevOFTO x »_Gen, e
k

Where:

IRevOFTO = The appropriate proportion of the Offshore Interlink(s) revenue in £
associated with the offshore connection calculated in 14.15.85

CRevOFTO = The offshore circuit revenue in £ associated with the circuit(s) from the
offshore substation to the Single Common Substation.

LocalSFinta = Initial Local Security Factor calculated in 14.15.93 and 14.15.94
And other definitions as in 14.15.93.

Initial Transport Tariff

14.15.96  First an Initial Transport Tariff (ITT) must be calculated for both Peak
Security and Year Round backgrounds. For Generation, the Peak Security
zonal marginal km (ZMkmps), Year Round Not-Shared zonal marginal km
(ZMkmvrns) and Year Round Shared zonal marginal km (ZMkmygrs) are
simply multiplied by the expansion constant and the locational security factor
to give the Peak Security ITT, Year Round Not-Shared ITT and Year Round
Shared ITT respectively:

ZMkm, , x EC x LSF = ITT,

Gi PS

ZMbkm s X EC x LSF = ITT,

GiYRNS

ZMkm s X EC % LSF = ITT 5
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zone

Where

ZMKmgips
ZMKmgivrRns =

charging

zone

ZMKmgivrs =

charging

EC

LSF
ITTaips
zone
ITTGivrns

Zone

Peak Security Zonal Marginal km for each generation zone
Year Round Not-Shared Zonal Marginal km for each generation

Year Round Shared Zonal Marginal km for each generation
Expansion Constant
Locational Security Factor

Peak Security Initial Transport Tariff (£/MW) for each generation

Year Round Not-Shared Initial Transport Tariff (£/MW) for each

generation charging zone

ITTaivrs

Year Round Shared Initial Transport Tariff (£/MW) for each

generation charging zone.

14.15.97 Similarly, for demand the Peak Security zonal marginal km ( ZMkmeps) and
Year Round zonal marginal km (ZMkmvygr) are simply multiplied by the
expansion constant and the locational security factor to give the Peak
Security ITT and Year Round ITT respectively:

Where

ZMKmpips

ZMKmpivr

ITToirs
one
ITToivr

ZMkm x ECx LSF =ITT,

Di pS Di pPS
ZMkm,y, , x EC x LSF = ITT,, .

Peak Security Zonal Marginal km for each demand zone
Year Round Zonal Marginal km for each demand zone

Peak Security Initial Transport Tariff (£/MW) for each demand

Year Round Initial Transport Tariff (£/MW) for each demand

14.15.98 The next step is to multiply these ITTs by the expected metered triad gross
GSP group demand and generation capacity to gain an estimate of the initial
revenue recovery for both Peak Security and Year Round backgrounds. The
metered triad gross GSP group demand and generation capacity are based
on analysis of forecasts provided by Users and are confidential.

Where
ITRRG

Gai
ITRRp

Doi

Metered triad gross GSP group demand is net demand for all GSP groups
less embedded exports for all GSP groups.

Initial Transport Revenue Recovery for generation

Total forecast Generation for each generation zone (based
on analysis of confidential User forecasts)

Initial Transport Revenue Recovery for gross GSP group
demand

Total forecast Metered Triad gross GSP group Demand for
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each demand zone (based on analysis of confidential User forecasts)

In addition, the initial tariffs for generation are also multiplied by the Peak Security flag
when calculating the initial revenue recovery component for the Peak Security
background. When calculating the initial revenue recovery for the Shared component
of the Year Round background, the initial tariffs are multiplied by the Annual Load
Factor (see below). When calculating the initial revenue recovery for the Not Shared
component of the Year Round background, the initial tariffs are multiplied by the Year
Round Not Shared Flag.

Peak Security (PS) Flag

14.15.99

The revenue from a specific generator due to the Peak Security locational
tariff needs to be multiplied by the appropriate Peak Security (PS) flag. The
PS flags indicate the extent to which a generation plant type contributes to
the need for transmission network investment at peak demand conditions.
The PS flag is derived from the contribution of differing generation sources to
the demand security criterion as described in the Security Standard. In the
event of a significant change to the demand security assumptions in the
Security Standard, The Company will review the use of the PS flag.

Generation Plant Type | PS flag
Intermittent 0
Other 1

Year Round Not Shared (YRNS) Flag

14.15.100 The revenue from a specific generator due to the Year Round Not Shared

locational tariff needs to be multiplied by the appropriate Year Round Not
Shared (YRNS) flag. The YRNS flag indicates the extent to which a
generation plant type contributes to the need for transmission network
investment at year round demand conditions in areas of the System where
the proportion of Low Carbon generation exceeds Carbon generation as
defined in 14.15.49.

Generation Plant Type YRNS flag
Non Conventional Carbon 1
Conventional Carbon ALF

Annual Load Factor (ALF)

14.15.101 The ALF for each individual Power Station is calculated using the relevant

TEC (MW) and corresponding output data. Where output data is not available
for a Power Station, including for new Power Stations and emerging Power
Station technologies, generic data for the appropriate generation plant type
will be used.

14.15.102 For a given Financial Year “t” the Power Station ALF will be based on

information from the previous five Financial Years, calculated for each
Financial Year as set out below.
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17520

> GMWh,
ALF = -

17520
Y TECp = 0.5

p=l1

Where:

GMWh, is the maximum of FPN or actual metered output in a Settlement
Period related to the power station TEC (MW); and

TEC,is the TEC (MW) applicable to that Power Station for that Settlement
Period including any STTEC and LDTEC, accounting for any trading of TEC.

14.15.103 The appropriate output (FPN or actual metered) figure is derived from BM
Unit data available to The Company and relates to the total TEC of the Power
Station.

14.15.104 Once all five Financial Year ALFs have been calculated for the individual
Power Station they are compared, and the highest and lowest figures are
discarded. The final ALF, to be used for transmission charging purposes, is
calculated as the average of the remaining three ALFs.

14.15.105 In the event that only four Financial Years of complete output (FPN or actual
metered) data are available for an individual Power Station then the higher
three Financial Years ALF would be used in the calculation of the final ALF.
In the event that only three Financial Years of complete output (FPN or actual
metered) data are available then these three Financial Years would be used.

14.15.106 Due to the aggregation of output (FPN or actual metered) data for dispersed
generation (e.g. cascade hydro schemes), where a single generator BMU
consists of geographically separated power stations, the ALF would be
calculated based on the total output of the BMU and the overall TEC of those
Power Stations.

14.15.107 In the event that there are not three full Financial Years of an individual
power station’s output available, missing output (FPN or actual metered) data
would be replaced by generic data for that generation plant type to ensure
three Financial Years of information are available for the Power Station. The
derivation of the generic data is described in paragraphs 14.15.111-
14.15.114.

14.15.108 Users will receive draft ALFs before 25" December of the Financial Year (t-
1) for the Financial Year (t) and will have a period of 15 Business Days

14.15.109 from date of publishing to notify The Company of any errors. Failure to agree
changes relating to errors will be treated as a charging dispute under the
CUSC.

14.15.110 The ALFs used in the setting of final tariffs will be published in the annual
Statement of Use of System Charges. Changes to ALFs after this publication
will not result in changes to published tariffs (e.g. following dispute resolution).

Derivation of Generic ALFs

14.15.111 The generic ALF is derived from the average annual output of the ten most
recently commissioned GB generation of a particular generation plant type
that have at least five Financial Years’ data, using an identical methodology

Page 60 of 148 V1.47 11 November 2025



CUSC v1.47

to that used for the Power Station specific calculation described above.
Where less than ten GB generators of a particular generation plant type exist,
then data from all existing generators of that particular generation plant type
will be used. Example generation plant type categories are listed below;

Fuel Type
Biomass

Coal

Gas

Hydro

Nuclear (by reactor
type)

Oil & OCGTs
Pumped Storage
Onshore Wind
Offshore Wind
CHP

14.15.112 The Company will keep these categories under review and update as
necessary. Where within a category there is a significant locational difference
consideration will be given to zonal generic factors. The factors used will be
published in the Statement of Use of System Charges and will be reviewed
annually.

14.15.113 If a User can demonstrate that the generation plant type of a Power Station
has changed, consideration will be given to the use of relevant generic ALF
information in the calculation of their charges until sufficient specific data is
available.

14.15.114 For new and emerging generation plant types, where insufficient data is
available to allow a generic ALF to be developed, The Company will use the
best information available e.g. from manufactuers and data from use of similar
technologies outside GB. The factor will be agreed with the relevant
Generator. In the event of a disagreement the standard provisions for dispute
in the CUSC will apply.

TNUoS Embedded Export Tariff

14.15.115 Embedded exports are exports measured on a half-hourly basis by Metering
Systems, in accordance with the BSC, that are not subject to generation
TNUoS.

14.15.116 The embedded export tariff will be applied to the metered Triad volumes of
Embedded Exports for each demand zone as follows:

EETDl = ITTDiPS + ITTDiYR + EX

Where
ITToirs = Peak SecuritP/ Initial Transport Tariff for the demand zone;
[TTovr= Year Round Initial Transport Tariff for the demand zone, and

EX:
First Financial Year following the implementation date of CMP 264/265:
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2
= ;(XP — AGIC) + AGIC

Second Financial Year following the implementation date of CMP 264/265:

1
= ;(XP — AGIC) + AGIC

Third Financial Year following the implementation date of CMP 264/265 and every
subsequent Financial Year:
= AGIC

Where

XP = Value of demand residual in Financial Year prior to implementation

AGIC = The Avoided GSP Infrastructure Credit (AGIC) which represents the unit
cost of infrastructure reinforcement at GSPs which is avoided as a consequence of
embedded generation connected to the distribution networks served by those GSPs. It
is calculated from the average annuitised cost of that infrastructure reinforcement
divided by the average capacity delivered by a supergrid transformer.

The Avoided GSP Infrastructure Credit is calculated at the beginning of each price
control period and in the first applicable Financial Year following the implementation
date of CMP264/265 using data submitted by onshore TSOs as part of the price control
process. The data used is from the most recent [20] schemes submitted under the price
control process and indexed each year by the TOPI formula set out in 14.3.6 until the
end of the price control. For the avoidance of doubt, this approach does not include the
cost of the supergrid transformers or any other connection assets as they are paid for
by the relevant DNOs thorough their connection charges.

The Value of EEToiwill be floored at zero, so that EEToiis always zero or positive.

The embedded export tariff applicable where a User directly connected to the National
Electricity Transmission System is located at a Grid Supply Point that connects to more
than one demand zone, will be derived as follows:

ITToces =average (ITTDaPS AT Toves I T Toees .. )
ITToevr =average (ITTDaYR,ITTDbYRITTDdYR )

ITToes=  average of Peak Security Initial Transport Tariff attributable to each demand
zone (ITToars I TToves I T Toaes ... ); and
ITToor=  average of Year Round Initial Transport Tariff attributable to each demand

zone (ITTDaYR ,ITTDbYR ITToavr.. )

Where C is demand directly connected to the National Electricity Transmission System
at a Grid Supply Point that connects to more than one demand zone, and a, b, d... are
the relevant GSP Groups.

Initial Revenue Recovery

14.15.117 For the Peak Security background the initial tariff for generation is multiplied
by the total forecast generation capacity and the PS flag to give the initial
revenue recovery:

n

Z(ITTGiPS X Gg; % Fipg )=ITRRGPS

Gi=1

Where

ITRRGps = Peak Security Initial Transport Revenue Recovery for
generation

Gai = Total forecast Generation for each generation zone (based on

analysis of confidential User forecasts)
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GSP

Fps
n

Peak Security flag appropriate to that generator type
Number of generation zones

The initial revenue recovery for gross GSP group demand for the Peak Security
background is calculated by multiplying the initial tariff by the total forecast
metered triad gross GSP group demand:

14

Z(]TTDiPS ><DDi): ITRR 55

Di=1
Where:

ITRRpps

Do =

Peak Security Initial Transport Revenue Recovery for gross

group demand
Total forecast Metered Triad gross GSP group Demand for each
demand zone (based on analysis of confidential User forecasts)

14.15.118 For the Year Round background, the initial tariff for generation is multiplied by
the total forecast generation capacity whilst calculating Initial Recovery for the
Not-Shared component from Non Conventional Carbon. For Conventional
Carbon the initial tariff for the Not Shared component is multiplied by both,
the total forecast generation capacity and the ALF to give the initial revenue
recovery. The initial tariff for the Shared component is multiplied by both, the
total forecast generation capacity and the ALF to give the initial revenue

recovery:

Where:

ITRRgYrNSNCE
for

ITRRgYrNSCC
for

ITRRGvrNS
for

ITRRGYRs

n
Z (ITTGL'YRNSNCC X GGi) = ITRRGYRNSNCC
Gi=1

n
Z (UTTgivrnsce X Ggi X ALF) = ITRRgygryscc
Gi=1

n

> (ITT, g % Gg, ¥ ALF )= ITRR

Gi=1

G YRS

ITRRGYRNS = ITRRGYRNSNCC + ITRRGYRNSCC

= Year Round Not-Shared Initial Transport Revenue Recovery

Non Conventional Carbon generation
= Year Round Not-Shared Initial Transport Revenue Recovery

Conventional Carbon generation
= Year Round Not-Shared Initial Transport Revenue Recovery

generation

= Year Round Shared Initial Transport Revenue Recovery for
generation
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ALF = Annual Load Factor appropriate to that generator.

14.15.119 Similar to the Peak Security background, the initial revenue recovery for gross
GSP group demand for the Year Round background is calculated by
multiplying the initial tariff by the total forecast metered triad gross GSP group
demand:

14
Z(ITTDI‘YR <Dy, ) =ITRR

Di=1

Where:
ITRRpyr = Year Round Initial Transport Revenue Recovery for gross GSP
group demand

14.15.120 The initial revenue recovery for Embedded Exports is the Embedded Export
Tariff multiplied by the total forecast volume of Embedded Export at triad:

14
ITRRy; = Z (EETp; X EEVp,)

Di=1
Where
ITRRee = Initial Revenue impact for Embedded Exports
EEVDp = Forecast Embedded Export metered volume at Triad (MW)

For the avoidance of doubt, the initial revenue recovery for embedded exports
can be positive or negative.

Deriving the Final Local Tariff (£/kW)
Local Circuit Tariff
14.15.121 Generation with a local circuit tariff is calculated by multiplying the Year
Round nodal marginal km along the local circuit by the expansion constant

and the relevant local security factor (whether onshore or offshore) and
summing across local circuits to give the local circuit tariff:

NLMkajL x EC x LocalSF,

> =CLT,,
. 1000
Where
k = Local circuit k for generator
NLMkmg} = Year Round Nodal marginal km along local circuit k using local

circuit expansion factor.
EC = Expansion Constant
LocalSF Local Security Factor for circuit k
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ClLTai

Circuit Local Tariff (£/kW)

Onshore Local Substation Tariff

14.15.122 All chargeable generation is subject to the local substation tariff component
which is determined by assessing the generation substation type which is the
substation at the connection charging boundary, against three cost
determining factors:

(a) HV connection voltage — the voltage at the boundary between the User’s
connection assets and the transmission system;

(b) Sum of TEC at the generation substation — the combined TEC of all generation
at the connecting substation; and

(c) The level of redundancy at the generation substation — single busbar / single
switch mesh connections are examples of no redundancy connections,
whereas examples of connections with redundancy include double busbar and
mesh sub station designs.

14.15.123 Using the above factors, the corresponding £/kW tariffs that are currently
applicable, are detailed in The Company's Statement of Use of System
Charges which is available from the Charging website.

14.15.124 The process for calculating Local Substation Tariffs will be carried out for the
first year of the price control and will subsequently be indexed by TOPI for
each subsequent year of the price control period.

14.15.125 The effective Local Tariff (£/kW) is calculated as the sum of the circuit and
substation onshore and/or offshore components:

ELT,, = CLT,, +SLT,,

Where
ELTai = Effective Local Tariff (£/kW)
SLTai = Substation Local Tariff (£/kW)

14.15.126 Where tariffs do not change mid way through a Financial Year, final local
tariffs will be the same as the effective tariffs:

ELTGi = LTGi
Where
LTai = Final Local Tariff (£/kW)

14.15.127 Where tariffs are changed part way through the year, the final tariffs will be
calculated by scaling the effective tariffs to reflect that the tariffs are only
applicable for part of the year and parties may have already incurred TNUoS
liability.

21
12x (ELTGi x> Gg - FLLGl)
LT

Gi=l1

14
12 x [ETDi x Y D, — FLD,}
y FT
b x Z G,
Gi=l1

Di=1
and i =

14
bx ZDDi
Di=l

Gi =

Where:
b = number of months the revised tariff is applicable for
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FLL = Forecast local liability incurred over the period that the original tariff is applicable

for

14.15.128 For the purposes of charge setting, the total local charge revenue is

Where
LCRRg

calculated by:

LCRR ; = Y LT, *G,

j=Gi

Local Charge Revenue Recovery
Forecast chargeable Generation or Transmission Entry Capacity

in kW (as applicable) for each generator (based on analysis of
confidential information received from Users)

Offshore substation local tariff

14.15.129 All offshore chargeable generation is subject to an offshore substation tariff.

The offshore substation tariff shall be the sum of transformer, switchgear and
platform components.

14.15.130 Each tariff component, expressed in £/kW, shall be the ratio of the Offshore

14.15.131

Transmission Owner revenue (£) and rating associated with the transformers,
switchgear or platform (kW) at each offshore substation. The Offshore
Transmission Owner revenue of each tariff component shall include that
associated with asset spares. In the case of the platform component, the
relevant rating shall be the lower of the transformer or switchgear ratings. As
with the offshore circuit expansion factors, the Offshore Transmission Owner
revenue associated with each tariff component shall be averaged over the
remaining years of the NETSO price control.

Offshore Transmission Owner revenue associated with interest during
construction and project development overheads will be attributed to the
relevant asset category with which it is associated. If these or any other costs
included in the Offshore Transmission Owner revenue are not readily
attributable to a given asset category, they will be pro-rated across the various
asset categories based on their relative cost.

14.15.132 A discount shall be provided to the offshore substation tariff to reflect the

average cost of civil engineering for onshore substations. The currently
applicable discount is detailed in The Company's Statement of Use of
System Charges which is available from the Charging website. This will be
inflated by TOPI each year and reviewed every price control period.

14.15.133 Offshore substation tariffs shall be reviewed at the start of every onshore price

control period. For each subsequent year within the price control period, these
shall be inflated in the same manner as the associated Offshore Transmission
Owner Revenue.

14.15.134 The revenue from the offshore substation local tariff is calculated by:

SLTR = )’ (SLTk xZGenk]
k

Where:
SLTk
Genk

All offshore
substations

the offshore substation tariff for substation k
the generation connected to offshore substation k
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The Residual Tariff

The total revenue to be recovered through TNUoS charges is determined each year
with reference to the Transmission Licensees’ Price Control formulas less the costs
expected to be recovered through Pre-Vesting connection charges. Hence in any
given year t, a target revenue figure for TNUoOS charges (TRRt) is set as follows:

TRRt = Rt - ID\/C1L

Where

TRR; = TNUoS Revenue Recovery target for year :.

R; = Forecast Revenue allowed under The Company’s Price Control for
year t (this term includes a number of adjustments, including for
over/under recovery from the previous year). For further information,
refer to condition F3 of the ESO Licence.

PVC: = Forecast Revenue from Pre-Vesting connection charges for year t

14.15.136 In normal circumstances, the revenue forecast to be recovered from the

initial transport tariffs will not equate to the total revenue target. This is due to
a number of factors. For example, the transport model assumes, for simplicity,
smooth incremental transmission investments can be made. In reality,
transmission investment can only be made in discrete 'lumps'. The
transmission system has been planned and developed over a long period of
time. Forecasts and assessments used for planning purposes will not have
been borne out precisely by events and therefore some distinction between an
optimal system for one year and the actual system can be expected.

14.15.137 As a result of the factors above, in order to ensure adequate recovery

of total Transmission Owner revenue, a set of non-locational Transmission
Demand Residual Tariffs are calculated, which include infrastructure
substation asset costs. These tariffs are billed alongside the initial transport
tariffs for demand only so that the total revenue recovery is achieved. The total
amount of revenue to be recovered through Transmission Demand Residual
Tariffs is defined as the Transmission Demand Residual.

TDR = TRR - ITRRDPS - ITRRDYR - ITRREE - ITRRGPS - ITRRGYRNS - ITRRGYRS - LCRRGG

Where

— AdjRevenue

TDR = Transmission Demand Residual

AdjRevenue

= Adjustment Revenue as per paragraph 14.14.5

Creation of Charging Bands for use in Transmission Demand Residual Tariff Setting

14.15.137 To produce the Transmission Demand Residual Tariffs a set of Charging

Bands are to be created for each of the Residual Charging Groups using the
following methodology.

(a) For domestic Final Demand Sites whether connected to the Distribution system
or Transmission system there will be one Charging Band and;
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(b) For non-domestic Final Demand Sites connected to the Distribution system
there will be four Charging Bands for each of the Residual Charging Groups
according to the methodology introduced to Schedule 32 of the DCUSA via
DCUSA modification DCP358 and entitied ‘RESIDUAL CHARGING BANDS’ with
boundaries set at the 40", 70" and 85" percentiles and;

(c) For Final Demand Sites directly connected to the Transmission system there
will be four Charging Bands using the latest 24 months of gross Consumption
data (from the Final Reconciliation Settlement Run or Reconciliation
Settlement Run) with boundaries set at the 40", 70" and 93 percentiles and;

(d) For Unmetered Supplies there will be one Charging Band.

14.15.138 These Charging Bands will be reviewed periodically and be implemented
effective from the beginning of each Onshore Transmission Owner price control period.

Transmission Demand Residual Tariff Setting

Domestic Final Demand Sites
Band 1 (<40™ percentile)

Band 2 (>40" percentile — 70™" percentile)
Band 3 (>70" percentile — 85" percentile)
Band 4 (>85" percentile)

Band 1 (<40™ percentile)

Band 2 (>40" percentile — 70" percentile)
Band 3 (>70" percentile — 85" percentile)
Band 4 (>85" percentile)

Band 1 (<40™ percentile)

Band 2 (>40" percentile — 70" percentile)
Band 3 (>70" percentile — 85" percentile)
Band 4 (>85" percentile)

Band 1 (s40™ percentile)

Band 2 (>40" percentile — 70" percentile)
Band 3 (>70" percentile — 85" percentile)
Band 4 (>85" percentile)

Band 1 (<40™ percentile)
Directly Connected Users Final Band 2 (>40" percentile — 70" percentile)

Demand Sites Band 3 (>70" percentile — 93" percentile)
Band 4 (>93™ percentile)
Unmetered Supplies

LV No Mic

LV MIC

HV

EHV

14.15.139
The Transmission Demand Residual Tariffs are derived from the Transmission
Demand Residual value calculated in 14.15.136 and the total aggregate annual
consumption of all Final Demand Sites and Unmetered Supplies.

14.15.140

To determine the proportion of the Transmission Demand Residual to be recovered
from each Charging Band:
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(a) Where there are Final Demand Sites in a Charging Band the total annual
consumption from Final Demand Sites in the Charging Band in question is
divided by the total annual consumption from all Final Demand Sites and
Unmetered Supplies creating a percentage value.

(b) Where there are Unmetered Supplies in a Charging Band the total annual
consumption from Unmetered Supplies in the Charging Band in question is
divided by the total annual consumption from all Final Demand Sites and
Unmetered Supplies creating a percentage value.

This percentage is multiplied by the Transmission Demand Residual to give the
total value to be recovered from the Charging Band.

14.15.141
To set the Transmission Demand Residual Tariff for each Charging Band:
(a) For each Charging Band containing Final Demand Sites the total value to be

recovered from the Charging Band as per 14.15.140 is divided by the number of
Final Demand Sites in the Charging Band to create a £/site annual charge. This
charge is further divided by the number of days in the charging year for which this
tariff applies to produce the Transmission Demand Residual Tariff for the
Charging Band (£/site/day).

(b) For each Charging Band containing Unmetered Supplies the total value to be
recovered from the Charging Band as per 14.15.140 is divided by the total annual
consumption from Unmetered Supplies in the Charging Band in question to create
a p/kWh charge. This tariff is also defined as the UMS Tariff.

Final £/kW Tariff

14.15.138 The effective Transmission Network Use of System tariff (TNUoS) for
generation can now be calculated as the sum of the initial transport wider tariffs
for Peak Security and Year Round backgrounds and Adjustment Tariff and local
tariff (for generation):

ITT;ips + ITTciypys + IFFciyps + AdjTariffi
ETg; = 1000 + LT

and

The effective Transmission Network Use of System tariff (TNUoS) for the HH
Demand Locational can now be calculated as the sum of the initial transport wider
tariffs for Peak Security and Year Round backgrounds for half-hourly metered
demand:

ITT pips + ITT piyg
1000

ETp; =

Where
ETei=  Effective Generation TNUoS Tariff expressed in £/kW (ETsi would only be

applicable to a Power Station with a PS flag of 1 and ALF of 1; in all other
circumstances ITTaips, ITTaivrns and ITTgivrs Will be applied using Power
Station specific data)
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AdjTariffi = AdjTariff (from 14.14.5) applicable in time period .

ETo=  Effective HH Demand Locational TNUoS Tariff expressed in £/kW

The effective Transmission Network Use of System tariff (TNUoS) for
embedded exports can now be calculated by expressing the embedded
export tariff in £/kW values:

Where
ETee= Effective Embedded Export TNUoS Tariff expressed in £/kW

For the purposes of the annual Statement of Use of System Charges ETgi will be
published as |TTGiPSi |TTGiYRNS, |TTGiYRs, LTGi and AdjTariffi (if required)

14.15.139 Where tariffs do not change mid way through a Financial Year, final demand
and generation tariffs will be the same as the effective tariffs.

FTg = ETg,
FT), = ET),
FTggai = ETgg;

14.15.140 Where tariffs are changed part way through the year, the final tariffs will be
calculated by scaling the effective tariffs to reflect that the tariffs are only
applicable for part of the year and parties may have already incurred TNUoS
liability.

20
12><(ETGi x> G, —FLG,.)
FT

Gi=l1

Gi 27
bx Y G
Gi=1
>
12x| ET, x> D, - FL,,
i Di Di
. Di=1 L 12X(ETpgi XY pi=1 EETpi—FLp;)
FTD[ - and FTge:i = bxy 5t EETp,;

14
b x Z D,,
Di=1

Where:
b = number of months the revised tariff is applicable for
FL = Forecast liability incurred over the period that the original tariff is applicable for

Note: The ETgi element used in the formula above will be based on an individual Power
Stations PS flag and ALF for Power Station Ggi, aggregated to ensure overall correct
revenue recovery.

14.15.141 If the final HH Demand Locational TNUoS Tariff results in a negative number
then this is collared to £0/kW with the resultant revenue to be refunded to the
Final Demand smeared over the remaining demand zones via the
Transmission Demand Residual:
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If FT,. <0, theni=1toz

z

Z(FTDiXDDi)

Therefore, NRRT, =-=—;
ZDDi

i=z+1

Therefore the revised Final Tariff for the gross demand zones with positive Final tariffs

is given by:
Fori=1to z: RFT,, =0
For i=z+1 to 14: RFT,, = FT,, + NRRT,
Where
NRRTp =  Non Recovered Revenue Tariff (£/kW)
RFToi =  Revised Final Tariff (£/kW)

14.15.142 The tariffs applicable for any particular year are detailed in The Company's
Statement of Use of System Charges, which is available from the Charging
website. Archived tariff information may also be obtained from the Charging
website.

14.15.143 The zonal maps referenced in The Company's Statement of Use of System
Charges and available on the Charging website contain detailed information
for the Financial Year in question of which Grid Supply Points fall into which
TNUoS zones.

14.15.144 New Grid Supply Points will be classified into zones on the following basis:

e For demand zones, according to the GSP Group to which the Grid Supply Point is
allocated for energy market settlement purposes.

e For a User directly connected to the National Electricity Transmission System, the
following rules will apply to determine its demand zone:

o If the Connection Site falls within a GSP Group’s geographic area, the new
GSP that connects directly at the site will be assigned to the demand zone
corresponding to the GSP Group, unless;

o A User is directly connected to the National Electricity Transmission System
at a Grid Supply Point that connects to more than one demand zone, in which
case, for the purpose of DCLF modelling, the User's demand will be spread
evenly across the relevant GSP Groups to calculate the relevant zonal
demand tariffs.

o For generation zones, with reference to the geographic proximity to existing zones
and, where close to a boundary between existing zones, with reference to the
marginal costs arising from transport model studies. The GSP will then be
allocated to the zone, which contains the most similar marginal costs.

14.15.145 The Company has available, upon request, the DCLF ICRP transport model,
tariff model template and data necessary to run the model, consisting of nodal
values of generation and demand connection points to the NETS. The model
and data will enable the basic nodal charges to be determined and will also
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allow sensitivity analysis concerning alternative developments of generation
and demand to be undertaken. The model is available from the Charging Team
and whilst it is free of charge, it is provided under licence to restrict its
distribution and commercial use.

14.15.146 The Company will be pleased to run specific sensitivity studies for Users under

a separate study contract in line with the fees set out in the Statement of Use
of System Charges. Please contact the Charging Team.

14.15.147 The factors which will affect the level of TNUoS charges from year to year

include but are not limited to-;

the forecast level of peak demand on the system

the Price Control formula (including the effect of any under/over
recovery from the previous year),

the expansion constant,

the locational security factor,

the PS flag

the Year Round Not Shared (YRNS) Flag

the ALF of a generator

changes in the transmission network

HVDC circuit impedance calculation

changes in the pattern of generation capacity and demand.
Changes in the pattern of embedded exports

the £/ € exchange rate and expected Generator Output
Number of Final Demand Sites per Charging Band
Volume (in kWh) apportioned to each Charging Band

14.15.148 In accordance with Standard Licence Condition C13, generation directly

connected to the NETS 132kV transmission network which would normally be
subject to generation TNUoS charges but would not, on the basis of generating
capacity, be liable for charges if it were connected to a licensed distribution
network qualifies for a reduction in transmission charges by a designated sum,
determined by the Authority. Any shortfall in recovery will result in a unit amount
increase in gross demand charges to compensate for the deficit. Further
information is provided in the Statement of the Use of System Charges.

Stability & Predictability of TNUoS tariffs

14.15.149 A number of provisions are included within the methodology to promote the

stability and predictability of TNUoS tariffs. These are described in 14.29.

14.15.150 Demand tariffs for Demand Users directly connected to the NETS at GSPs that

connect to more than one demand zone, will be derived from averages of the
Peak Security and Year Round tariffs respectively attributable to each demand
zone, as set out below:
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Where:

WNMkm ips =
»

Transmission-connected demand
user demand C, 200MW

Demand B, 70MW

DNO B

As demand C connects at a Connection Site consisting of connections
to more than one demand zone, for the purpose of DCLF Transport
modelling and calculation of demand zonal tariffs, demand C is spread
evenly across the multiple GSP Groups (A and B). Therefore demand
C at NODEA4O0 is split into two parts: 100MW at GSP Group A, and
100MW at GSP Group B. The zonal demand at A and B is calculated
as below (copying 14.15.41):

The zonal Peak Security marginal km for demand zone A and B is
calculated as follows.

-1 *NMkijS * Demj

S ZDemj

jeDi

ZMkmy, ,c = > WNMkm

jeDi

PS

Di = Demand zone

Dem = Positive Nodal Net Demand from transport
model, including 100MW at NODE40 by demand C for demand zone
A, and 100MW at NODE40 by demand C for demand zone B.

If Nodal Demand from a node is less than 0 (Exporting) the nodal
demand will be set to zero and therefore not contribute to the Zonal
marginal km

Similarly, the zonal Year Round marginal km for demand zones is
calculated as follows:

—1* NMkm ;, * Dem,

ZDemj

JjeDi

WNMkm ;,,, =

ZMkm . = > WNMkm

jeDi

Once the zonal Peak Security and Year Round tariffs are calculated
for demand zones A and B (according to 14.15.97), a set of new
demand zonal tariffs will be created for demand C as below —
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Zonal Peak Security tariff for demand C = average (Zone A Peak
Security tariff, Zone B Peak Security tariff)

Zonal Year Round tariff for demand C = average (Zone A Year Round
tariff, Zone B Year Round tariff)

FOI’ demand C, ZMkmDCPS = ZMkmDAPS + ZMkmDBPS , and
ZMkmDCYR = ZMkmDAYR + ZMkmDBYR

Allocating Final Demand Sites to Charging Bands

14.15.142 Users who own or operate a Distribution System shall maintain a methodology in
DCUSA entitled “ALLOCATION OF CUSTOMERS TO CHARGING BANDS BY DNO/IDNO PARTIES”
(introduced by DCUSA modification DCP360) to allocate Final Demand Sites and Unmetered
Supplies to Charging Bands for their respective Distribution System.

14.15.143 Charging Bands that are determined in accordance with 14.15.137, Final Demand
Sites and Unmetered Supplies will be allocated to Charging Bands as follows;

1. For Embedded Final Demand Sites and Unmetered Supplies, Users who own or operate a
Distribution System shall allocate Embedded Final Demand Sites and Unmetered
Supplies to Charging Bands for their respective network as per the methodology described
in 14.15.147

2. For Final Demand Sites connected to the NETS, the following hierarchy will apply, starting at
(i) and progressing to (iv) to determine the correct Charging Band as created in 14.15.137;

i Where available, the mean average of the latest 24 months Consumption data for
the specific Final Demand Site shall be used.

Where this is not available in terms of (ii), (iii) and (iv);

i.  The mean average of as much data Consumption data as is available for the
specific Final Demand Site, or;

ii.  The Company making use of any valid information as is available or made
available to best estimate the expected Consumption of the Final Demand
Site, or;

iv.  Should no data or information be available for the specific Final Demand
Site, a 12 month mean average of all Consumption from all NETS connected
Final Demand Sites shall be used.

14.15.143a For all Final Demand Sites allocated under 14.15.143 2. (iii), in the September
following the completion of a full Financial Year for which the Final Demand Site has recorded actual
metered data a review of the Charging Band allocation of the specific Final Demand Site will take
place by The Company.

14.15.143b This review, (the “September New Site review”) will use the material change in
circumstances as per paragraph 14.15.149 to determine whether the Final Demand Site will be
reallocated to a different Charging Band.

14.15.143c The Company shall notify any Final Demand Site and it’s Supplier(s) should they
be included in a September New Site review. This notification shall be no issued later than the 15th
calendar day in August prior to the September New Site review.

14.15.143d Following the conclusion of the September New Site review, The Company shall
notify both the Final Demand Site and it's Supplier(s) of the outcome within 5 Business Days of the
completion of the September New Site review. The Transmission Demand Residual Tariff as per
the new Charging Band will apply from 1st October immediately following the September New Site
review should any Final Demand Sites be reallocated to a different Charging Band.

14.15.143e The Company shall complete all September New Site reviews by the 15th calendar
day of September.
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14.15.143f

Final Demand Sites will be subject to the September New Site review no more than

once during the duration of their Bilateral Connection Agreement.

14.15.144

14.15.144a

14.15.144b

14.15.145

For the purpose of determining the Transmission Demand Residual Tariff
liability for a given Final Demand Site, the Final Demand Site will be allocated
to a Charging Band.

o Allocation to a Charging Band for NETS connected Final Demand Sites
will be in accordance with 14.15.143.2. The Final Demand Site will be
allocated into a Charging Band where the Final Demand Site’s gross
Consumption value, is less than or equal to the maximum threshold for
that Charging Band.

o Allocation to a Charging Band for Embedded Final Demand Sites will be
in accordance with the methodology described in 14.15.142 and
14.15.143.1.

For Mixed Demand Sites connected to the NETS, the provisions of 14.15.144
shall be applied to the Mixed Demand Site’s gross Consumption except
where a valid Declaration is provided by the User. This Declaration shall
clearly identify the Metering Systems (or Operational Metering Equipment
where a Metering System is not viable) used to isolate and identify gross Final
Demand Consumption from any other Consumption at the Mixed Demand
Site. A Mixed Demand Site’s gross Final Demand Consumption shall either
be measured using meters installed at each Final Demand asset, or
alternatively, be calculated as the difference between the Mixed Demand
Site’s gross Consumption as metered at the site boundary, and consumption
metered at each asset which does not consume Final Demand. Should a valid
Declaration be provided, any Consumption not associated with Final
Demand will be removed before the provisions of 14.15.144 are applied. Where
it is unclear whether the Consumption is Final Demand or not, it will be treated
as Final Demand.

For Embedded Mixed Demand Sites, the methodology described in 14.15.142
shall be used.

For the purpose of determining the Transmission Demand Residual
Tariff liability for a given Unmetered Supply, the Unmetered Supply will be
allocated to the appropriate Residual Charging Group in accordance
with 14.15.137.

14.15.146

Final Demand Sites and Unmetered Supplies will be assigned to a Charging Band

for the duration of the Onshore Transmission Owner price control, unless;

1. The Final Demand Site or and Unmetered Supply is reassigned by an intervention as
described in 14.15.147 - 14.15.151, or

2. the Authority directs that the Final Demand Site or Unmetered Supply should be
reassigned to a different Charging Band.

Once allocated and subject to the intervention process, Final Demand Sites and Unmetered
Supplies will be re-allocated to Charging Bands prior to the start of each Onshore Transmission
Owner price control in accordance with 14.15.138.

Charging Banding Interventions
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14.15.147 Users who own or operate a Distribution System shall maintain a methodology in
DCUSA entitled “EXCEPTIONAL CIRCUMSTANCES RESULTING IN RE-ALLOCATION TO A
DIFFERENT BAND WITHIN A PRICE CONTROL PERIOD” (introduced by DCUSA modification
DCP360) to manage interventions and disputes from Embedded Final Demand Sites and
Unmetered Supplies connected to their respective Distribution System.

14.15.148 Where a Final Demand Site or Unmetered Supply (or their nominated Supplier(s)
or agent) or a User or The Company wishes to challenge the allocation of such a Final Demand Site
to a Charging Band, it shall;

1. For Embedded Final Demand Sites and Unmetered Supplies, Users who own or operate a
Distribution System shall follow the methodology described in 14.15.147 for their respective
network

2. For Final Demand Sites directly connected to the NETS, follow the process as defined in
CUSC Section 7.3 to demonstrate a material change in circumstances.

14.15.149 For the purposes of 14.15.148.2 a material change in circumstances for NETS
connected Final Demand Sites must be demonstrated by;

1. the voltage of connection of the Final Demand Site changing with an accompanying signed
Construction Agreement; or

2. should Consumption data be used as the basis of Directly Connected Final Demand Site
Charging Bands, providing 12 months of actual metered gross Consumption data which
shows gross Consumption is lower than 50% or greater than 50% of the Consumption data
applied to the relevant subheading of 14.15.143. For reductions in Consumption, this shall be
accompanied with a signed letter from The Company Director (or equivalent) confirming the
rationale for the exceptional and significant changes to consumption (including historical
Consumption); or

3. A notice to Disconnect is provided in accordance with CUSC Section 5.7.

14.15.150 Any changes to Transmission Network Use of System Demand Charges as a
result of a intervention (as described in 14.15.147) shall be collected or refunded (as appropriate)
through the reconciliation process described in 14.25.

14.15.151 The requirements of 14.15.147 - 14.15.150 shall not preclude the Final Demand
Site’s or Unmetered Supply’s right to refer the matter directly to the Authority for determination.

Declarations

14.15.152 A Declaration is a statement to be submitted by the Registrant of the relevant
BM Unit(s) or Single Site, which:

(a) is signed by one of the Storage Facility Operator’s registered Directors
that confirms that a Electricity Storage Facility fulfils the criteria set out in
the definitions of SVA Storage Facility and CVA Storage Facility as
applicable; and either

(i) for SVA Storage Facility only, is submitted in accordance with the
BSC and contains other details that are required in accordance with
BSC Section S; or

(ii) for CVA Storage Facility only, identifies the specific BM Units
which only perform activities necessary for Electricity Storage and
is submitted to The Company.

(b) is signed by one of the Electricity Generation Facility’s registered
Directors that confirms that the Electricity Generation Facility only
perform activities necessary for Electricity Generation and is submitted to
The Company.

(c) is signed by one of the Eligible Services Facility’s registered Directors
that confirms the Eligible Services Facility can only perform activities
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The validity

necessary for Eligible Services and does not consume any Active Power
other than for the provision of Eligible Services and is submitted to The
Company.

(d) is signed by one of the Mixed Demand Site’s registered Directors that
confirms the Mixed Demand Site contains both Final Demand and a
Generator or Electricity Storage Plant and is submitted to The Company.

of a Declaration for an SVA Storage Facility is determined in accordance with

BSC Section S, and of a Declaration for a CVA Storage Facility, Non-Final Demand Site
and Eligible Services Facility is determined by The Company.

14.15.153

14.15.154

14.15.155

14.15.156

A Declaration received by The Company will either be accepted or rejected within
three Business Days and shall take effect on the effective date and time as
notified to the Registrant. Any disagreement between The Company and the
Registrant on the validity of a Declaration will be treated as a Charging Dispute.

Any Declarations that are accepted by The Company shall be valid in perpetuity.
Should circumstance at the relevant BM Unit(s) or Single Site change in such a
way that the Declaration is no longer accurate, it is the responsibility of the User
to resubmit a revised Declaration as soon as possible to reflect the change in
circumstance. The Company will validate any revised Declarations as per
14.15.153.

The Company shall, at its sole discretion and acting reasonably, have the right
to audit and revalidate a previously approved Declaration. The User agrees to
support and cooperate with any audit and/or revalidation as required (including
access to site if required). An inaccurate Declaration shall immediately be
deemed to be invalid and the provisions of this Section 14 applied to the relevant
BM Unit(s) or Single Site to:
(a) reflect no Declaration being in effect for the next calendar day; and

(i) retroactively apply Transmission Network Use of System Charges

from the date of invalidity to the later of:

(i) a previously valid Declaration; or

(iii) the Final Reconciliation Statement as per paragraph 3.13.7.

Anticipatory Investment

14.15.156.1

Anticipatory Investment (Al) is investment in transmission assets which goes
beyond the needs of the immediate offshore development or developments.
Where Anticipatory Investment has been identified by the Authority, the
generators’ Offshore local tariff will be calculated as per 14.15.121, and
14.15.129 — 14.15.134, but will utilise their individual generation connected and
their proportion (Al or non-Al) of the OFTO revenue, Network Export Capacity,
and asset ratings rather than those of the total project.

14.15.156.2 Any generator(s) connected to the Offshore Transmission System at the point

of asset transfer to the OFTO, will become liable for Offshore local tariffs for the
non-Al portion of the OFTO revenue. Any subsequent generator(s) will become
liable for Offshore local tariffs for the Al portion of the OFTO revenue at the point
of connection.

14.15.156.3 During the period between the Offshore Transmission System being

transferred to the OFTO and the subsequent generator(s) connecting, the Al
portion of the OFTO revenue cannot be recovered from the subsequent
generator(s). The difference between what is payable to the OFTO but cannot be
recovered from the subsequent generator(s) is referred to as the ‘Al Cost Gap.’
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14.15.156.4

14.15.156.5

Prior to the subsequent generator(s) connecting, the Al Cost Gap will be
recovered from demand customers via the Transmission Demand Residual.
The Al Cost Gap will be repaid to demand customers by the subsequent
generator(s), once connected to the transmission system, either:

o Through the Al Cost Gap Tariff. This tariff will be applied over a period of
time equal to the number of days for which the subsequent generator(s)
share of the Al Cost Gap was accrued, rounded up to a whole number of
years, in addition to the number of days remaining in the charging year in
which the subsequent generator(s) connects (if it connects after the first day
of a charging year); or

o alternatively, if decided by the generator(s), be paid via one payment in the
charging year in which the subsequent generator(s) connects.

Calculating the Al Cost Gap: The Al proportion of OFTO revenue associated to
the subsequent generator(s), will be identified for each full or partial charging year
prior to the subsequent generator(s) connecting. Each year’s value will be inflated
in line with the average increase in May — October CPIH as described in
14.15.156.6, to ensure it is in the appropriate price base for the year the Al Cost
Gap Tariff becomes applicable. The total of these values will be the Al Cost Gap.

14.15.156.6 The inflation to be applied to the Al Cost Gap and the Al Cost Gap Tariff will be

14.15.156.7

14.15.156.8

calculated as follows:
(May to October average CPIH);_,

Inflation i t=
nflation in year (May to October average CPIH);_,

Calculating the Al Cost Gap Tariff: The Al Cost Gap Tariff for the subsequent
generator (generator i) which is expressed in £/kW, shall be the ratio of the Al
Cost Gap that generator i is liable to pay for the relevant year (£) and the
Transmission Entry Capacity (kW) of generator i, i.e:

nxAI Cost Gap
NXTEC;

o Al Cost Gap Tariff for Generator i =
o Where:
o TEC;= Transmission Entry Capacity of generator i in kW
o n =number of days remaining in the year over which the tariff is to be
paid
o N =total number of days over which the tariff is applicable (calculated
as per 14.15.156.4)

The calculation described in 14.15.156.6 shall be used for the initial partial year
in which generator i connects (if applicable) and the first full charging year. For
each subsequent year that the Al Cost Gap Tariff is applicable after the year of
calculation, the full year Al Cost Gap Tariff for generator i shall be inflated in
line with the average increase in May to October CPIH as per 14.15.156.6.
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14.16 Derivation of the Transmission Network Use of System
Energy Consumption Tariff and Short Term Capacity Tariffs

14.16.1 For the purposes of this section, Lead Parties of Balancing Mechanism (BM)

Units that are liable for Transmission Network Use of System Demand
Charges are termed Suppliers.

14.16.2 Following calculation of the Transmission Network Use of System £/kW HH

Locational Demand Tariff (as outlined in Chapter 2: Derivation of the TNUoS
Tariff) for each GSP Group a NHH Demand Locational Tariff is calculated as
follows:

p/KWh Tariff = (NHHDe * £/kKW Tariff - FLg) *100
NHHCg

Where:

£/kW Tariff = The £/kW Effective HH Demand Locational Tariff (£/kW), as
calculated previously, for the GSP Group concerned.

NHHD¢ = The Company’s forecast of Suppliers’ non-half-hourly metered Triad
Demand (kW) for the GSP Group concerned. The forecast is based on historical
data.

FLc = Forecast Liability incurred for the GSP Group concerned.

NHHCs = The Company’s forecast of GSP Group non-half-hourly metered
total energy consumption (kWh) for the period 16:00 hrs to 19:00hrs inclusive
(i.e. settlement periods 33 to 38) inclusive over the period the tariff is applicable
for the GSP Group concerned.

Short Term Transmission Entry Capacity (STTEC) Tariff

14.16.3 The Short Term Transmission Entry Capacity (STTEC) tariff for positive zones

is derived from the Effective Tariff (ETe) annual TNUoS £/kW tariffs
(14.15.138). If multiple set of tariffs are applicable within a single Financial
Year, the Final Tariff used in the STTEC calculation will be prorated in an
identical manner to that used when calculating a generators annual liability. The
periods over which the tariff would be prorated would be identical to the periods
used when calculating the wider tariff (i.e. over the whole Financial Year, not
just the period that the STTEC is applicable for). STTECs will not be reconciled
following a mid year charge change. The premium associated with the flexible
product is associated with the analysis that 90% of the annual charge is linked
to the system peak. The system peakis likely to occur in the period of November
to February inclusive (120 days, irrespective of leap years). The calculation for
positive generation zones is as follows:

FT, x 09 x STTEC Period

STTEC tariff (£/kW/period)

120
Where:
FT = Final annual TNUoS Tariff expressed in £/kW
Gi = Generation zone

STTEC Period A period applied for in days as defined in the CUSC
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14.16.4 For the avoidance of doubt, the charge calculated under 14.16.3 above will
represent each single period application for STTEC. Requests for multiple
/STTEC periods will result in each STTEC period being calculated and invoiced
separately.

14.16.5 The STTEC tariff for generators with negative final tariffs is set to zero to
prevent Users receiving greater than 100% of the annual TNUoS payment that
would have been received for that capacity under a firm TEC.

Limited Duration Transmission Entry Capacity (LDTEC) Tariffs

14.16.6 The Limited Duration Transmission Entry Capacity (LDTEC) tariff for positive
zones is derived from the equivalent zonal STTEC tariff for up to the initial 17
weeks of LDTEC in a given Financial Year (whether consecutive or not). For
the remaining weeks of the year, the LDTEC tariff is set to collect the balance
of the annual TNUoS liability over the maximum duration of LDTEC that can be
granted in a single application. If multiple set of tariffs are applicable within a
single Financial Year, the Final Tariff used in the LDTEC calculation will be
prorated in an identical manner to that used when calculating a generators
annual liability. The periods over which the tariff would be prorated would be
identical to the periods used when calculating the wider tariff (ie over the whole
Financial Year, not just the period that the STTEC is applicable for). LDTECs
will not be reconciled following a mid year charge change:

Initial 17 weeks (high rate):

FTeix09x7

LDTEC tariff (£/kW/week )= 120

Remaining weeks (low rate):

LDTEC tariff (£/kWiweek )= 1201075 x7 y  py
316 —120
where FT is the final annual TNUoS tariff expressed in £/kW;
Gi is the generation TNUoOS zone; and
P is the premium in % above the annual equivalent TNUoS charge as
determined by The Company, which shall have the value 0.

14.16.7 The LDTEC tariff for generators with negative final tariffs is set to zero to
prevent Users receiving greater than 100% of the annual TNUoS payment that
would have been received for that capacity under a firm TEC.

14.16.8 The tariffs applicable for any particular year are detailed in The Company's

Statement of Use of System Charges which is available from the Charging
website. Historical tariffs are also available on the Charging website.
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14.17 Demand Charges
Parties Liable for Demand Charges

14.17.1 Demand charges are subdivided into charges for demand
locational, Transmission Demand Residual, energy and embedded export.
The following parties shall be liable for some or all of the categories of
demand charges:

e The Lead Party of a Supplier BM Unit;
e Power Stations with a Bilateral Connection Agreement;

o Parties with a Bilateral Embedded Generation Agreement

14.17.2 Classification of parties for charging purposes, section 14.26, provides an
illustration of how a party is classified in the context of Use of System charging
and refers to the paragraphs most pertinent to each party.

Basis of Demand Locational Charges

14.17.3 Demand Locational charges are based on a de minimis £0/kW charge for Half
Hourly and £0/kWh for Non Half Hourly metered demand.

14.17.4 Chargeable Demand Locational Capacity is the value of Half Hourly metered
Triad demand (kW). Chargeable Energy Capacity is the energy consumption
(kWh). The definition of both these terms is set out below.

14.17.5 Ifthereis a single set of demand locational tariffs within a Financial Year, the
Chargeable Demand Locational Capacity is multiplied by the relevant
demand locational tariff, for the calculation of demand locational charges.

14.17.6 Ifthere is a single set of energy tariffs within a Financial Year, the Chargeable
Energy Capacity is multiplied by the relevant energy consumption tariff for the
calculation of energy charges.

14.17.7 If multiple sets of demand locational tariffs are applicable within a single
Financial Year, demand locational charges will be calculated by multiplying
the Chargeable Demand Locational Capacity by the relevant tariffs pro-rated
across the months that they are applicable for, as below,

% ((axTariff 1)+(bXTariff 2))

Annual Liabilitypemane

Chargeable 12
. Demand

where: Locational

Tariff 1= Original t: Capacity

Tariff 2 = Revised tariff,

a = Number of months over which the original tariff is
applicable,

b = Number of months over which the revised tariff is
applicable.
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p/kW

T1 4

T2 4

Tariff 1

Time

Apr

b Mar

14.17.8 If multiple sets of energy tariffs are applicable within a single Financial Year,
energy charges will be calculated by multiplying relevant Tariffs by the
Chargeable Energy Capacity over the period that that the tariffs are applicable
for and summing over the year.

Annual Liability,,,, = Tariff 1x ZZF Chargeable Energy Capacity

Where:

T1s
applicable,

T1e
applicable,

T2s
applicable,

T2e
applicable.

p/kWh

T1 +

T2 4+

Tariff 1

+ Tariff 2 x ZZF Chargeable Energy Capacity

Start date for the period for which the original tariff is
End date for the period for which the original tariff is
Start date for the period for which the revised tariff is

End date for the period for which the revised tariff is

Time

Apr

Basis of Embedded Export Charges

14.17.9 Embedded export charges are based on a £/kW charge for Half Hourly
metered embedded export.

14.17.10 Chargeable Embedded Export Capacity is the value of Embedded Export at
Triad (kW). The definition of this term is set out below.

14.17.11 If there is a single set of embedded export tariffs within a Financial Year, the
Chargeable Embedded Export Capacity is multiplied by the relevant
embedded export tariff, for the calculation of embedded export charges.
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14.17.12 If multiple sets of embedded export tariffs are applicable within a single

Annual Liabilitypemana Chargeable Embedded

Financial Year, embedded export charges will be calculated by multiplying
the Chargeable Embedded Export Capacity by the relevant tariffs pro rated
across the months that they are applicable for, as below,

(axTarif f 1)+(bXxTariff 2)
% E )

Export Capacity

where:

Tariff 1 = Original tariff,

Tariff 2 = Revised tariff,

a = Number of months over which the original tariff is
applicable,

b = Number of months over which the revised tariff is
applicable.

Supplier BM Unit

14.17.13 A Supplier BM Unit charges will be the sum of its energy, demand locational,

Transmission Demand Residual and embedded export liabilities where:

The Chargeable Demand Locational Capacity will be the average of the
Supplier BM Unit's half-hourly metered gross demand during the Triad (and
the £/kW tariff), and

The Chargeable Embedded Export Capacity will be the average of the
Supplier BM Unit's half-hourly metered embedded export during the Triad
(and the £/kW tariff), and

The Chargeable Energy Capacity will be the Supplier BM Unit's non half-
hourly metered energy consumption over the period 16:00 hrs to 19:00 hrs
inclusive every day over the Financial Year (and the p/kWh tariff), and

The Transmission Demand Residual charge for Final Demand Sites will
be the sum of the number of sites per Charging Band as served by that
Supplier BM Unit multiplied by the number of days the sites were served
by that Supplier BM Unit and multiplied by the applicable Transmission
Demand Residual Tariff £/site/day as determined in 14.15.141. Where a
Connection Site is served by more than one Supplier BM Unit, the
charges will be divided by The Company, annually, between the relevant
Supplier BM Units in proportion to their annual Consumption from the
previous year, and

The Transmission Demand Residual charge for Unmetered Supplies will
be the sum of the forecast monthly volume of Unmetered Supplies per
Charging Band as served by that Supplier BM Unit multiplied by the
applicable UMS Tariff (p/kWh) as determined in 14.15.141.

Power Stations with a Bilateral Connection Agreement and Licensable
Generation with a Bilateral Embedded Generation Agreement

14.17.14 The Chargeable Demand Locational Capacity for a Power Station with a

Bilateral Connection Agreement or Licensable Generation with a Bilateral
Embedded Generation Agreement will be based on the average of the net
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import over each Triad leg of the BM Units associated with the Power Station
(in Appendix C of its Bilateral Connection Agreement or Bilateral Embedded
Generation Agreement, including metered additional load) during the Triad.

Exemptible Generation and Derogated Distribution Interconnectors with a
Bilateral Embedded Generation Agreement

14.17.15 The demand charges for Exemptible Generation and Derogated Distribution
Interconnector with a Bilateral Embedded Generation Agreement will be the
sum of its gross demand and embedded export liabilities where:

The Chargeable Demand Locational Capacity for Exemptible Generation and
Derogated Distribution Interconnectors with a Bilateral Embedded Generation
Agreement will be based on the average of the metered gross demand of each BM
Unit specified in Appendix C of the Bilateral Embedded Generation Agreement
during the Triad.

e The Chargeable Embedded Export Capacity for Exemptible Generation and
Derogated Distribution Interconnectors with a Bilateral Embedded Generation
Agreement will be based on the average of the metered embedded export of each
BM Unit specified in Appendix C of the Bilateral Embedded Generation Agreement
during the Triad.

Small Generators Tariffs

14.17.16 In accordance with Standard Licence Condition C13, any under recovery from
the MAR arising from the small generators discount will result in a unit amount
of increase to the Transmission Demand Residual.

The Triad

14.17.17 The Triad is used as a short hand way to describe the three settlement
periods of highest transmission system demand within a Financial Year,
namely the half hour settlement period of system peak net demand and the
two half hour settlement periods of next highest net demand, which are
separated from the system peak net demand and from each other by at least
10 Clear Days, between November and February of the Financial Year
inclusive. Exports on directly connected Interconnectors and Interconnectors
capable of exporting more than 100MW to the Total System shall be excluded
when determining the system peak net demand. An illustration is shown
below.
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1999/2000 Triad Season - Peak System Demands
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Half-hourly metered Demand Locational charges

14.17.18 For Supplier BMUs and BM Units associated with Exemptible Generation and

Derogated Distribution Interconnectors with a Bilateral Embedded Generation
Agreement, if the average half-hourly metered gross demand volume over
the Triad results in an import, the Chargeable Gross Demand Capacity will be
positive resulting in the BMU being charged.
If the average half-hourly metered embedded export volume over the Triad
results in an export, the Chargeable Embedded Export Capacity will be
negative resulting in the BMU being paid the relevant tariff; where the tariff is
positive. For the avoidance of doubt, parties with Bilateral Embedded
Generation Agreements that are liable for Generation charges will not be
eligible for payment of the embedded export tariff.

Monthly Charges

14.17.19 Throughout the year Users will submit a Demand Forecast. A Demand
Forecast will include:

¢ half-hourly metered gross demand to be supplied during the Triad for each
BM Unit

e half-hourly metered embedded export to be exported during the Triad for
each BM Unit

e non-half hourly metered energy to be supplied over the period 16:00 hrs to
19:00 hrs inclusive every day over the Financial Year for each BM Unit

14.17.20 Throughout the year, Users’ monthly demand charges will be based on;

a. For HH Charges the User’s Demand Forecast half-hourly metered
embedded export to be supplied during the Triad for each BM Unit, multiplied
by the relevant zonal £/kW tariff; and where this results in a positive value the
User’s Demand Forecast half hourly metered embedded export to be supplied
during the Triad for each BM Unit, multiplied by the relevant zonal £/kW tariff.

b. For NHH Charges the User’s Demand Forecast non-half hourly metered
energy to be supplied over the period 16:00 hrs to 19:00 hrs inclusive every day
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b.

over the Financial Year for each BM Unit, multiplied by the relevant zonal
p/kWh tariff.

The Final Demand Site Count Forecast for the latest day (that The Company
has data available for) multiplied by the relevant £/Site/Day Transmission
Demand Residual Tariff for the relevant Charging Band.

the Unmetered Supply Volume Forecast for the latest day (that The
Company has data available for) multiplied by the UMS Tariff.

Users’ annual TNUoS demand charges are based on these forecasts with the
Demand Forecast split evenly over the 12 months of the year. Users have the
opportunity to vary their Demand Forecasts on a quarterly basis over the
course of the year, with the Demand Forecast requested in February relating
to the next Financial Year. Users will be notified of the timescales and process
for each of the quarterly updates. The Company will revise the monthly
Transmission Network Use of System Demand Charges by calculating the
annual charge based on the above forecasts, subtracting the amount paid to
date, and splitting the remainder evenly over the remaining months. For the
avoidance of doubt, only positive Demand Forecasts (i.e. representing a net
import from the system), positive FDSC Forecast and positive Unmetered
Supply Volume Forecast will be used in the calculation of charges.

Demand Forecasts for a User will be considered positive where:
e The sum of the gross demand forecast and embedded export forecast
is positive; and
e The non-half hourly metered energy forecast is positive.

14.17.21 Users should submit reasonable demand forecasts of gross demand,

embedded export and energy in accordance with the CUSC. The Company
shall use the following methodology to derive a forecast to be used in
determining whether a User's forecast is reasonable, in accordance with the
CUSC, and this will be used as a replacement forecast if the User's total
forecast is deemed unreasonable. The Company will, at all times, use the
latest available Settlement data.

For existing Users:

i) The User’s Triad gross demand and embedded export for the preceding
Financial Year will be used where User settlement data is available
and where The Company calculates its forecast before the Financial
Year. Otherwise, the User's average weekday settlement period 35
half-hourly metered (HH) gross demand and embedded export in the
Financial Year to date is compared to the equivalent average gross
demand and embedded export for the corresponding days in the
preceding year. The percentage difference is then applied to the User's
HH gross demand and embedded export at Triad in the preceding
Financial Year to derive a forecast of the User's HH gross demand and
embedded export at Triad for this Financial Year.

i)  The User's non half-hourly metered (NHH) energy consumption over
the period 16:00 hrs to 19:00 hrs every day in the Financial Year to
date is compared to the equivalent energy consumption over the
corresponding days in the preceding year. The percentage difference
is then applied to the User's total NHH energy consumption in the
preceding Financial Year to derive a forecast of the User's NHH energy
consumption for this Financial Year.
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For new Users who have completed a Use of System Supply Confirmation
Notice in the current Financial Year:

i) The User's average weekday settlement period 35 half-hourly metered
(HH) gross demand and embedded export over the last complete month
for which The Company has settlement data is calculated. Total system
average HH gross demand and embedded export for weekday settlement
period 35 for the corresponding month in the previous year is compared
to total system HH gross demand and embedded export at Triad in that
year and a percentage difference is calculated. This percentage is then
applied to the User's average HH gross demand and embedded export
for weekday settlement period 35 over the last month to derive a forecast
of the User's HH gross demand and embedded export at Triad for this
Financial Year.

iv)  The User's non half-hourly metered (NHH) energy consumption over
the period 16:00 hrs to 19:00 hrs every day over the last complete
month for which The Company has settlement data is noted. Total
system NHH energy consumption over the corresponding month in the
previous year is compared to total system NHH energy consumption
over the remaining months of that Financial Year and a percentage
difference is calculated. This percentage is then applied to the User's
NHH energy consumption over the month described above, and all
NHH energy consumption in previous months is added, in order to
derive a forecast of the User's NHH metered energy consumption for
this Financial Year.

14.17.22 14.28 Determination of The Company’s Forecast for Demand Charge
Purposes illustrates how the demand forecast will be calculated by The
Company.

Reconciliation of Demand Charges and TNUoS Charges in the event of exceeding
the limits to Generator charges in the Limiting Regulation

14.17.23 The reconciliation process is set out in the CUSC. The demand reconciliation
process compares the monthly charges paid by Users against actual outturn
charges. Due to the Settlements process, reconciliation of demand charges
is carried out in two stages; initial reconciliation and final reconciliation.

14.17.24 In the event of annual average transmission charges incurred by Generator
Users in the Financial Year not being in compliance with the upper or lower
limits in the Limiting Regulation an Ex-Post Reconciliation adjustment will be
applied to Generator and Demand Users to bring charges back into
compliance.

Initial Reconciliation of demand charges

14.17.25 The initial reconciliation process compares Users' demand forecasts, The
Company’s FDSC Forecast and Unmetered Supply Volume Forecast and
corresponding monthly charges paid over the year against actual outturn data
(using latest Settlement data available at the time) and corresponding
charges. Initial reconciliation is carried out in three parts; Initial Reconciliation
Part 1 deals with the reconciliation of half-hourly metered demand charges,
Initial Reconciliation Part 2 deals with the reconciliation of non-half-hourly
metered demand charges and Initial Reconciliation Part 3 deals with the
reconciliation of Transmission Demand Residual charges.
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Initial Reconciliation Part 1— Half-hourly metered demand

14.17.26 The Company will identify the periods forming the Triad once it has received
Central Volume Allocation data from the Settlement Administration Agent for
all days up to and including the last day of February. Once The Company
has notified Users of the periods forming the Triad they will not be changed
even if disputes are subsequently resolved which would change the periods
forming the Triad.

14.17.27 Initial outturn charges for half-hourly metered gross demand will be
determined using the latest available data of actual average Triad gross
demand (kW) multiplied by the zonal gross demand tariff(s) (£/kW) applicable
to the months concerned for each zone for that Financial Year. These actual
values are then reconciled against the monthly charges paid in respect of half-
hourly gross demand.

14.17.28 Initial outturn charges for half-hourly metered embedded export will be
determined using the latest available data of actual average Triad embedded
export (kW) multiplied by the zonal embedded export tariff(s) (£/kW)
applicable to the months concerned for each zone for that Financial Year.
These actual values are then reconciled against the monthly charges paid in
respect of half-hourly embedded exports.

Initial Reconciliation Part 2 — Non-half-hourly metered demand

14.17.29 Actual payments for non-half-hourly metered demand will be determined
using the latest available actual energy consumption data (kWh) for the period
16:00 hrs to 19:00 hrs inclusive (i.e. settlement periods 33 to 38) over the year
multiplied by the energy consumption tariff(s) (p/kWh) applicable to the
months concerned for each zone. These actual values are then reconciled
against the monthly charges paid in respect of non-half-hourly energy
consumption.

Initial Reconciliation Part 3 — FDSC and Unmetered Supply Volume

14.17.29a Actual payments for Transmission Demand Residual charges will be determined
using the latest FDSC and Unmetered Supply Volume (provided by the Settlement
Administration Agent) multiplied by the relevant Transmission Demand Residual Tariff. These
actual values are then reconciled against the charges paid by the User.

Final Reconciliation of demand charges

14.17.30 The final reconciliation process compares Users' charges (as calculated
during the initial reconciliation process using the latest available data) against
final outturn demand charges (based on finalised FDSC and Unmetered
Supply Volume, settlement data of half-hourly gross demand, embedded
exports and non-half-hourly energy consumption).

14.17.31 Final actual charges will be determined using the final demand reconciliation

data taken from the Final Reconciliation Settlement Run or the Final
Reconciliation Volume Allocation Run.

Reconciliation of manifest errors

14.17.32 In the event that a manifest error, or multiple errors in the calculation of TNUoS tariffs
results in a material discrepancy in a Users TNUoS tariff, the reconciliation process
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for all Users qualifying under Section Error! Reference source not found. will be in
accordance with Sections Error! Reference source not found. to Error! Reference
source not found.30. The reconciliation process shall be carried out using
recalculated TNUoS tariffs. Where such reconciliation is not practicable, a post-year
reconciliation will be undertaken in the form of a one-off payment.

14.17.33 A manifest error shall be defined as any of the following:

a) an error in the transfer of relevant data between the Transmission Licensees
or Distribution Network Operators;

b) an error in the population of the Transport Model with relevant data;

c) an error in the function of the Transport Model; or

d) an error in the inputs or function of the Tariff Model.

14.17.34 A manifest error shall be considered material in the event that such an error
or, the net effect of multiple errors, has an impact of the lesser of either:

(a) an error in a User’s TNUOS tariff of at least +/-£0.76/kW; or
(b) an errorin a User’s TNUoS tariff which results in an error in the annual
TNUoS charge of a User in excess of +/-£377,735.

Thresholds are stated in 2020/21 money and will be indexed annually by the
Transmission Owner Price Index (TOPI) thereafter, starting from 1st April
2021.

14.17.35 A manifest error shall only be reconciled if it has been identified within the
Financial Year for which the error has an effect. Errors identified outside of
this period will not be eligible for reconciliation retrospectively.

Ex-post Reconciliation of Generator and Demand Charges in the event of exceeding the
limits to Generator charges in the Limiting Regulation

14.17.36 The Company shall, following the completion of each Financial Year,
produce a statement setting out the annual average transmission charges paid in
aggregate by Generators in €/ MWh as per paragraph 14.14.5.

14.17.37 In the event that the annual average transmission charges attributable to
Generators exceeds the upper limit established in the Limiting Regulation then an Ex-
post Reconciliation will be calculated for Generation and Demand Users as per the
below and will be invoiced at the time of generation reconciliation and initial demand
reconciliation.

i) The Ex-post Reconciliation amount for Demand Users will be calculated as :

Dadj = GCharge (Actual)-( GO4 * (CapEC * ER,))

Where:

Dadj = Revenue to be recovered from Demand

GOa = Actual generator output in the previous Financial Year

CapEC = The upper limit of the Limiting Regulation

ER, = Actual exchange rate in the previous Financial Year

GCharge (Actual) = Actual charges to Generators in the previous Financial
Year

i) The rate applied to HH gross Demand, in order to adjust for any TNUoS recovery
from generation outside of the range of the Limiting Regulation

e = (22
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Where
DRadj = Rate applied to AHHD in £/kW
GTD = Total actual system metered Gross Triad Demand (kW)

iiil) The rate applied to NHH energy consumption, in order to adjust for compliance with
the Limiting Regulation in the Financial Year is calculated by:

Dadj—(AHHD x DRad))
ANHHC

ERadj = x 100
( )

Where
AHHD = The actual gross half-hourly metered Triad Demand (kW) for HH Demand
ERadj = Rate applied to energy consumption for the Demand Recovery in p/kWh

ANHHC = Total actual annual non-half-hourly metered energy consumption (kWh) for

the period 16:00 hrs to 19:00 hrs inclusive (i.e. settlement periods 33 to 38) for each
day of the preceding Financial Year ,

iv) The Ex-Post Reconciliation amount for Generation Users will be calculated as:

Gadj = Dadj * —1

Where:
Dadj = Revenue to be recovered from demand Users
Gadj = Revenue to be paid to generation Users

V) The rate applied to Generator Chargeable Capacity in the preceding Financial Year,
in order to adjust for any recovery of TNUoS from generation outside of the range of
the Limiting Regulation, is:

Gadj
ChargeableCapacity

GRadj =

Where:

GRadj = Adjustment rate to be applied to Generators
Chargeable Capacity = As per paragraph 14.18.6

14.17.38 In the event that the annual average transmission charges attributable to
Generators is below the lower limit established in the Limiting Regulation then an Ex-
post Reconciliation will be calculated for Generator and Demand Users as per the
below and will be invoiced at the time of generation reconciliation and initial demand
reconciliation.

i) Ex-post reconciliation for Demand Users:

Dadj = GCharge (Actual)-0

Where:

Dadj = Revenue to be credited to Demand

GCharge (Actual) = Actual charges to Generators in the previous Financial
Year
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i) The rate applied to HH gross Demand, in order to adjust for any recovery of TNUoS
from generation outside of the range of the Limiting Regulation

bradj = ()

Where
DRadj = Rate applied to AHHD in £/kW
GTD = Total actual system metered gross triad demand (kW)

iiil) The rate applied to NHH energy consumption, in order to adjust for compliance with
the Limiting Regulation in the Financial Year is calculated by:

Dadj —(AHHD x DRadj)
ANHHC

ERadj = x 100
( )

Where

AHHD = The actual gross half-hourly metered Triad Demand (kW) for HH Demand
ERadj = Rate applied to energy consumption for the Demand Recovery in p/kWh
ANHHC = Total actual annual non-half-hourly metered energy consumption (kWh) for
the period 16:00 hrs to 19:00 hrs inclusive (i.e. settlement periods 33 to 38) for each
day of the preceding Financial Year

Ex-post reconciliation for Generation Users:

The recovery from Generator Users will be

Gadj = Dadj * —1

Where:
Dadj = Revenue to be dispersed to Demand
Gadj = Revenue to be recovered from Generation

iv) The rate applied to Generator Chargeable Capacity in the preceding Financial Year,
in order to adjust for any recovery of TNUoS from generation outside of the range of
the Limiting Regulation, is:

Gadj
ChargeableCapacity

GRadj =

Where:

GRadj = Adjustment rate to be applied to Generators
Chargeable Capacity = As per paragraph 14.18.6

Implementation of P272

14.17.39.1 BSC modification P272 requires Suppliers to move Profile Classes 5-8
to Measurement Class E - G (i.e. moving from NHH to HH settlement) by
April 2016. The majority of these meters are expected to transfer during the
preceding Financial Year up until the implementation date of P272 and
some meters will have been transferred before the start of 15T April 2015. A
change from NHH to HH within a Financial Year would normally result in
Suppliers being liable for TNUoS for part of the year as NHH and also being
subject to HH charging. This section describes how The Company will treat
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this situation in the transition to P272 implementation for the purposes of
TNUoS charging; and the forecasts that Suppliers should provide to The
Company.

14.17.39.2 Notwithstanding 14.17.13, for each Financial Year which begins after
31 March 2015 and prior to implementation of BSC Modification P272, all
demand associated with meters that are in NHH Profile Classes 5 to 8 at the
start of that Financial Year as well as all meters in Measurement Classes E
G will be treated as Chargeable Energy Capacity (NHH) for the purposes of
TNUoS charging for the full Financial Year.

14.17.39.3 The Company will calculate the Chargeable Energy Capacity
associated with meters that have transferred to HH settlement but are still
treated as NHH for the purposes of TNUoS charging from Settlement data
provided directly from Elexon i.e. Suppliers need not Supply any additional
information if they accept this default position

14.17.39.4 The forecasts that Suppliers submit to The Company under CUSC
3.10, 3.11 and 3.12 for the purpose of TNUoS monthly billing referred to in
14.17.20 and 14.17.21 for both Chargeable Demand Capacity and
Chargeable Energy Capacity should reflect this position i.e. volumes
associated those Metering Systems that have transferred from a Profile
Class to a Measurement Class in the BSC (NHH to HH settlement) but are
to be treated as NHH for the purposes of TNUoS charging should be
included in the forecast of Chargeable Energy Capacity and not Chargeable
Demand Capacity.

14.17.39.5  Where a Supplier wishes for Metering Systems that have transferred
from Profile Class to Measurement Class in the BSC (NHH to HH settlement)
prior to 15t April 2015, to be treated as Chargeable Demand Capacity (HH/
Measurement Class settled) it must inform The Company prior to October
2015. The Company will treat these as Chargeable Demand Capacity (HH
/ Measurement Class settled) for the purposes of calculating the actual
annual liability for the Financial Years up until implementation of P272. For
these cases only, the Supplier should notify The Company of the Meter
Point Administration Number(s) (MPAN). For these notified meters the
Supplier shall provide The Company with verified metered demand data for
the hours between 4pm and 7pm of each day of each Financial Year up to
implementation of P272 and for each Triad half hour as notified by The
Company prior to May of the following Financial Year up until two years
after the implementation of P272 to allow reconciliation (e.g. May 2017 and
May 2018 for the Financial Year 2016/17). Where the Supplier fails to
provide the data or the data is incomplete for a Financial Year TNUoS
charges for that MPAN will be reconciled as part of the Supplier's NHH BMU
(Chargeable Energy Capacity). Where a Supplier opts, if eligible, for TNU0S
liability to be calculated on Chargeable Demand Capacity it shall submit the
forecasts referred to in 14.17.35.4 taking account of this.

14.17.39.6  The Company will maintain a list of all MPANs that Suppliers have
elected to be treated as HH. This list will be updated monthly and will be
provided to registered Suppliers upon request.

HH Elective Metering from 1st April 2017. The following section describes how

meters migrating to, or already within, Measurement Classes E,F and G will be
charged in terms of TNUoS after 31st March 2017.
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14.17.40.1

A change from NHH to HH within a Financial Year would normally result

in Suppliers being liable for TNUoS for part of the year as NHH and also being
subject to HH charging. This section describes how The Company will treat
this situation for Non-Half Hourly (NHH) meters migrating to Measurement
Classes E, F & G for the Financial Year which begins after 31 March 2017.

14.17.40.2

14.17.40.3

14.17.40.4

Notwithstanding 14.17.13, for each Financial Year which begins after
31 March 2017 demand associated with Measurement Classes F and G
will be treated as Chargeable Energy Capacity (NHH) for the purposes
of TNUoS charging. Demand associated with Measurement Class E will
continue to be treated as Chargeable Demand Capacity (HH).

The Company will calculate the Chargeable Energy Capacity
associated with meters that have transferred to HH settlement but are
still treated as NHH for the purposes of TNUoS charging from Settlement
data provided directly from ELEXON i.e. Suppliers need not Supply any
additional information.

The forecasts that Suppliers submit to The Company under CUSC 3.10,
3.1, 3.12 and 14.17.19 for the purpose of TNUoS monthly billing
referred to in 14.17.20 and 14.17.21 for both Chargeable Demand
Capacity and Chargeable Energy Capacity should reflect the basis on
which demand will be charged for TNUoS.

The following section describes the arrangements that will apply in relation to
introduction of half-hourly settlement on a market-wide basis.

14.17.41.1

Further Information

Subjectto 14.17.40.2, when an MPAN is settled under the MHHS Target
Operating Model (as defined in Section C12 of the Balancing and
Settlement Code) its associated BM Unit gross demand, embedded
export or energy consumption will be charged TNUoS as per 14.17.13,
except in the following circumstances:

(i) When an MPAN with a non half-hourly Metering System transitions to

a half hourly Metering System with a current transformer at Non-
Domestic Premises (as defined in a Supply Licence) and is reported
as such from BSCCo (as defined in the Balancing and Settlement
Code), to The Company, its associated BM Unit gross demand or
embedded export will be treated as Chargeable Demand Locational
Capacity or Chargeable Embedded Export Capacity respectively.

(i) When an MPAN with a non half-hourly Metering System transitions to

a half-hourly Metering System with whole current metering at Non-
Domestic Premises and is reported as such from BSCCo to The
Company, its associated BM Unit energy consumption will be treated
as Chargeable Energy Capacity.

(i) When an MPAN transitions to a half-hourly Metering System at

Domestic Premises (as defined in a Supply Licence) and is reported
as such from BSCCo to The Company, its associated BM Unit energy
consumption will be treated as Chargeable Energy Capacity

14.17.42 Paragraph 14.25 (Reconciliation of Demand Related Transmission Network
Use of System Charges) of this statement illustrates how the monthly charges
are reconciled against the actual values for gross demand, embedded
consumption and consumption for half-hourly gross demand, embedded
export and non-half-hourly metered demand respectively.
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14.17.43 The Statement of Use of System Charges contains the £/kW zonal demand
locational tariffs, the £/kW zonal embedded export tariffs, the p/kWh energy
consumption tariffs, and the Transmission Demand Residual tariffs for the
current charging year.

14.17.44 Transmission Network Use of System Charging Flowcharts of this statement

contains flowcharts demonstrating the calculation of these charges for those
parties liable.
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14.18 Generation charges

Parties Liable for Generation Charges

14.18.1

14.18.2

The following CUSC parties shall be liable for generation charges:

i) Parties of Generators that have a Bilateral Connection Agreement
with The Company.

i) Parties of Licensable Generation that have a Bilateral Embedded
Generation Agreement with The Company.

14.26 Classification of parties for charging purposes provides an illustration
of how a party is classified in the context of Use of System charging and refers
to the relevant paragraphs most pertinent to each party.

Structure of Generation Charges

14.18.3

14.18.4

14.18.5

14.18.6

14.18.7

Generation Tariffs are comprised of Wider and Local Tariffs. The Wider Tariff
is comprised of (i) a Peak Security element, (ii) a Year Round Not-Shared
element, (iii) Year Round Shared element and (iv) and, (iv) the Adjustment
tariff (if required).. The Peak Security element of the Wider Tariff is not
applicable for intermittent generators as the PS flag is set to zero. The Year
Round Not Shared element is multiplied by the YRNS Flag, which for Non-
Conventional Carbon Generators results in no change to the tariff, whereas
for Conventional Carbon generators the tariff is reduced by ALF

The Local Tariff contains a substation element and may also contain a circuit
element. Specifically, all transmission connected generation will be liable to
pay a local substation charge, with some of these also being liable to pay a
local circuit charge. For the avoidance of doubt, embedded generation has a
zero local tariff.

The intention of the charging rules is to charge the same physical entity only
once.

The basis of the generation charge for Power Stations is the Chargeable
Capacity and the short-term chargeable capacity (as defined below for
positive and negative charging zones).

If there is a single set of Wider and Local generation tariffs within a Financial

Year, the Chargeable Capacity is multiplied by the relevant generation tariff
to calculate the annual liability of a generator.

Local Annual Liability = Chargeable Capacity X Local Tarif f

The Wider Tariff is broken down into components as described in 14.18.3.
The breakdown of the Wider Charge for Conventional and Intermittent Power
Stations are given below:

Conventional Low Carbon-

Wider Annual Liability = Chargeable Capacity X (PS Tariff +
YRNS Tariff) + (YRS Tarif f x ALF) + AdjTariff
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Conventional Carbon

Wider Annual Liabiity Chargeable Capacity x (PS Tariff +
(YRNS Tariff X ALF)+ (YRS Tariff X ALF) + AdjTariff)

Intermittent -

Wider Annual Liabiity
= Chargeable Capacity X (YRNS Tariff
+ (YRS Tariff X ALF) + AdjTariff)

Where:

PS Tariff = Wider Peak Security Tariff

YRNS Tariff = Wider Year Round Not-Shared Tariff
YRS Tariff = Wider Year Round Shared Tariff

Adj Tariff = Adjustment Tariff

14.18.8 If multiple sets of Wider and Local generation tariffs are applicable within a
single Financial Year, the Chargeable Capacity is multiplied by the relevant
tariffs pro rated over the entire Financial Year, across the months that they
are applicable for.

Annual Liability = Chargeable Capacity x (a < Tariff ]1+2b < Tariff 2)

where:

Liability 1= Original annual liability,

Liability 2=  Revised annual liability,

a = Number of months over which the original liability is
applicable,

b = Number of months over which the revised liability is
applicable.

p/kW or p/kWh

T <+

T2 4
Tariff 1

Time

Apr a b Mar
14.18.9 For the avoidance of doubt if there are multiple sets of Wider and Local
generation tariffs applicable within a single Financial Year and a tariff
changes from being positive to negative or vice versa, the Chargeable
Capacity for the entire Financial Year will be determined based on the net
position of the pro rated tariffs for each affected generator.

Basis of Wider Generation Charges

Page 96 of 148 V1.47 11 November 2025



CUSC v1.47
Generation with positive wider tariffs

14.18.10 The Chargeable Capacity for Power Stations with positive wider generation
tariffs is the highest Transmission Entry Capacity (TEC) applicable to that
Power Station for that Financial Year. A Power Station should not exceed
its TEC as to do so would be in breach of the CUSC, except where it is entitled
to do so under the specific circumstances laid out in the CUSC (e.g. where a
User has been granted Short Term Transmission Entry Capacity, STTEC).
For the avoidance of doubt, TNUoS Charges will be determined on the TEC
held by a User as specified within a relevant bilateral agreement regardless
of whether or not it enters into a temporary TEC Exchange (as defined in the
CUSC).

14.18.11 The short-term chargeable capacity for Power Stations situated with positive
generation tariffs is any approved STTEC or LDTEC applicable to that Power
Station during a valid STTEC Period or LDTEC Period, as appropriate.

14.18.12 For Power Stations, the short term chargeable capacity for LDTEC with
positive generation tariffs referred to in Paragraph 14.18.11will be the
capacity purchased either on a profiled firm" or indicative? basis and shall be
assessed according to the capacity purchased on a weekly basis. The short-
term chargeable capacity for LDTEC in any week may comprise of a number
of increments, which shall be determined by considering LDTEC purchased
previously in the Financial Year (whether or not in the same LDTEC Period).
For example, if in a given week the LDTEC is 200MW but in a previous week
the LDTEC had been 150MW, the short-term chargeable capacity in the latter
week would comprise of two increments: one of 150MW and a second of
50MW. Further examples are provided in 14.16.6.

Generation with negative wider tariffs

14.18.13 The Chargeable Capacity for Power Stations with negative wider generation
tariffs is the average of the capped metered volumes during the three
settlement periods described in 14.18.14 below, for the Power Station (i.e.
the sum of the metered volume of each BM Unit associated with Power
Station in Appendix C of its Bilateral Agreement). A Power Station should not
exceed its TEC as to do so would be in breach of the CUSC, except where it
is entitled to do so under the specific circumstances laid out in the CUSC (e.g.
where a User has been granted Short Term Transmission Entry Capacity). If
TEC is exceeded, the metered volumes would each be capped by the TEC
for the Power Station applicable for that Financial Year. For the avoidance
of doubt, TNUoS Charges will be determined on the TEC held by a User as
specified within a relevant bilateral agreement regardless of whether or not it
enters into a temporary TEC Exchange (as defined in the CUSC).

14.18.14 The three settlement periods are those of the highest metered volumes for
the Power Station and the two half hour settlement periods of the next highest
metered volumes which are separated from the highest metered volumes and
each other by at least 10 Clear Days, between November and February of
the relevant Financial Year inclusive. These settlement periods do not have
to coincide with the Triad.

1 where an LDTEC Block Offer has been accepted (Profiled Block LDTEC) and a firm profile of capacity has
been purchased.

2 where an LDTEC Indicative Block Offer has been accepted (Indicative Profiled Block LDTEC) and a right to
future additional capacity up to a requested level has been purchased, the availability of which will be notified
on a weekly basis in accordance with the CUSC.
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Example

If the highest TEC for a Power Station were 250MW and the highest metered
volumes and resulting capped metered volumes were as follows:

Date 19/11/08 13/12/08 06/02/09
Highest Metered Volume in

month (MW) 245.5 250.3 2514
Capped Metered Volume 245.5 250.0 250.0

(MW)

Then, the chargeable Capacity for the Power Station would be:

(245.5 +250+250

3 j = 248.5 MW

Note that in the example above, the Generator has exceeded its TEC on 13
December 2007 and 6 February 2008 and would therefore be in breach of the

CUSC unless the generator had an approved STTEC or LDTEC value. (The
STTEC and LDTEC charge for negative zones is currently set at zero).

14.18.15The short-term chargeable capacity for Power Stations with negative

generation tariffs is any approved STTEC or LDTEC applicable to that Power
Station during a valid STTEC Period or LDTEC Period, as applicable.

14.18.16 For Power Stations with negative generation tariffs, the short-term chargeable

capacity for LDTEC referred to in Paragraph 14.18.15 will be the capacity
purchased either on a profiled firm or indicative basis and shall be assessed
according to the capacity purchased on a weekly basis. The short-term
chargeable capacity for LDTEC in any week may comprise of a number of
increments, which shall be determined by considering LDTEC purchased
previously in the Financial Year (whether or not in the same LDTEC Period).
For example, if in a given week the LDTEC is 200MW but in a previous week
the LDTEC had been 150MW, the short-term chargeable capacity in the latter
week would comprise of two increments: one of 150MW and a second at
50MW.

14.18.17 As noted above, a negative LDTEC tariff in negative generation charging

zones is set to zero. Accordingly no payments will be made for use of LDTEC
(in any of its forms) in these zones.

Basis of Local Generation Charges

14.18.18 The Chargeable Capacity for Power Stations will be the same as that used

for wider generation charges, except that each component of the local tariff
shall be considered separately as to whether it is a positive or negative tariff
component. This means that where a local circuit tariff is negative, the final
charging liability for this element will be based on actual metered output as
described in Paragraph 14.18.13.

Page 98 of 148 V1.47 11 November 2025



CUSC v1.47

Monthly Charges

14.18.19 Initial Transmission Network Use of System Generation Charges for each
Financial Year will be based on the Power Station Transmission Entry
Capacity (TEC) for each User as set out in their Bilateral Agreement. The
charge is calculated as above. This annual TNUoS generation charge is split
evenly over the months remaining in the year. For positive final generation
tariffs, if TEC increases during the Financial Year, the party will be liable for
the additional charge incurred for the full year, which will be recovered
uniformly across the remaining chargeable months in the relevant Financial
Year (subject to Paragraph 14.18.21 below). An increase in monthly charges
reflecting an increase in TEC during the Financial Year will result in interest
being charged on the differential sum of the increased and previous TEC
charge. The months liable for interest will be those preceding the TEC
increase from April in year t. For negative final generation tariff, any increase
in TEC during the year will lead to a recalculation of the monthly charges for
the remaining chargeable months of the relevant Financial Year. However,
as TEC decreases do not become effective until the start of the Financial
Year following approval, no recalculation is necessary in these cases. As a
result, if TEC increases, monthly payments to the generator will increase
accordingly.

14.18.20 The provisions described above for increases in TEC during the Financial
Year shall not apply where the LDTEC (in any of its forms) has been approved
for use before the TEC is available, which will typically mean the LDTEC has
been approved after the TEC increase has been approved. In such instances,
the party shall commence payments for TEC during the LDTEC Period for
LDTEC purchased up to the future level of TEC and LDTEC Charges will only
apply to LDTEC that is incremental to the TEC increase. For the avoidance
of doubt, where TEC has been approved after LDTEC in a given year, these
provisions shall not apply and the LDTEC shall be considered additional to
the TEC and charged accordingly.

Ad hoc Charges

14.18.21 For each STTEC period successfully applied for, a charge will be calculated
by multiplying the STTEC by the tariff calculated in accordance with
Paragraph 14.16.3. The Company will invoice Users for the STTEC charge
once the application for STTEC is approved.

14.18.22 For Power Stations utilising LDTEC (in any of its forms) the LDTEC Charge
for each LDTEC Period is the sum of the charging liabilities associated with
each incremental level of short term chargeable capacity provided by LDTEC
within the LDTEC Period (assessed on a weekly basis). The charging liability
for a given incremental level of short term chargeable capacity is the sum of:

i) the product of the higher tariff rate (calculated in accordance with Paragraph
14.16.6) and capacity purchased at this increment for the first 17 weeks in a
Financial Year (whether consecutive or not); and

ii) the product of the lower tariff rate (calculated in accordance with Paragraph
14.16.6) and capacity purchased at this increment in any additional weeks
within the same Financial Year (whether consecutive or not).

14.18.23 For each LDTEC Period successfully applied for, the LDTEC Charge will be

split evenly over the relevant LDTEC Period and charged on a monthly basis.
LDTEC charges will apply to both LDTEC (in any of its forms) and Temporary
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Received TEC held by a User. For the avoidance of doubt, the charging
methodology will not differentiate between access rights provided to a
generator by LDTEC or through Temporary Received TEC obtained through
a Temporary TEC Exchange (as defined in the CUSC).

Example

The diagrams below show two cases where LDTEC has been purchased: in
Case A, two LDTEC Periods have been purchased; and in Case B one
LDTEC Period has been purchased. The total capacity purchased in both
cases is the same. The top diagrams illustrate the capacity purchased, while
lower diagrams illustrate the incremental levels of short term chargeable
capacities of LDTEC and the tariff rate that would apply to that capacity.

MW,
Y o _____ . 130MW MW“ 12 week
< 24 weeks
= === 100MW ' 100MW
LDTEC 1 LDTEC 2
LDTEC
24 weeks 12 weeks 36 weeks
MW, LDTEC 2 MW, 12 weeks
High High
LDTEC 1 Tariff ¢ oMW Tariff ¢
: ] . i 2 .
High how Low High 1 Low
Tariff I Tariff 100MW Tariff I Tariff 100MW
|
17 weeks Ié 12 weeks. . | S

Case A Case B

In both cases, the total amount charged for the LDTEC would be the same:

a Capacity charges at the a Capacity charges at the
higher tariff rate: lower tariff rate:
e 17 weeks at the 100MW increment e 19 weeks at the 100MW increment
e 12 weeks at the 30MW increment a

Embedded Transmission Use of System Charges “ETU0S”

14.18.24 The ETUoS charges are a component of Use of System charges levied on
offshore generators whose offshore transmission connection is embedded in
an onshore distribution network. The charge relates to the provision and use
of the onshore distribution network.

14.18.25 The main purpose of ETU0S charges is to pass through the charges that are
levied by the DNO on the NETSO to the offshore generator(s). This charge,
known as the ETUoSpno charge, reflects the charges levied by the DNO for
the costs of any works on and use of the DNO network in accordance with
the DNO'’s charging statements and will include, but is not limited to, upfront
charges and capital contributions in respect of any works as well as the
ongoing and annual Use of System charges for generation connected to the
distribution network.

14.18.26 In the case of some relevant transitional offshore generation projects, ETU0S
will also be used to pass through historic DNO capital contributions forming
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part of the Offshore Transmission Owner tender revenue stream, this is
known as the ETU0Sok10 tariff.

i) The ETUoSorro tariff shall be the ratio of the Offshore Transmission
Owner revenue (£) associated with DNO capital contributions and
the Transmission Entry Capacity (TEC) of the generation connected
to the offshore substation.

i) Inthe year of asset transfer to the OFTO, the ETU0Soero tariff
would be calculated as follows:

DNRevOFTO1
TEC

Where:

DNRevOFTO1 = The offshore revenue associated to DN
capital contributions, in £, for Year 1

TEC = the Transmission Entry Capacity of the
generation connected to the offshore
substation

i) In all subsequent years, the ETUoSorro tariff would be calculated as
follows:

AvDNRevOFTO
TEC

Where:
AvDNRevOFTO
to

The annual offshore revenue associated

DN capital contributions averaged over
the remaining vyears of the National
Electricity Transmission System Operator
(NETSO) price control, in £

TEC = the Transmission Entry Capacity of the
generation _connected to the offshore
substation

iv) ETUoScrto tariffs shall be reviewed at the start of every onshore
price control period. For each subsequent year within the price
control period, these shall be inflated in the same manner as the
associated Offshore Transmission Owner Revenue.

14.18.27 The specific nature of the ETUoSpno charge and the payment profile for these
will depend upon the charging arrangements of the relevant DNO and
reference should be made to the relevant DNO’s charging statement. In
terms of applicable transitional offshore generation projects the ETU0Soet0
payment profile will be consistent with the recovery of the Offshore
Transmission Owner revenue stream, and paragraph 14.18.27.

14.18.28 Where a DNO'’s charge relates to more than one offshore generator, the
related ETUoSpno charge will represent a straight pass through of the
distribution charge specific to each relevant offshore generator. Where
specific information is not available, charges will be pro-rated based on the
TEC of the relevant offshore generators connected to that offshore network.
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14.18.29 Invoices for ETUoSpno charges shall be levied by The Company on the
offshore generator as soon as reasonably practicable after invoices have
been received by The Company for payment such that The Company can
meet its payment obligations to the DNO. The initial payments and payment
dates will be outlined in a User's Construction Agreement and/or Bilateral
Agreement.

14.18.30 As the ETUoSpno charges reflect the DNO charges to The Company, such
charges will be subject to variation when varied by the DNO. Where the User
disputes regarding the ETUoSpno charge please note that this will result in a
dispute between The Company and DNO under the DCUSA.

Reconciliation of Generation Charges

14.18.31 The reconciliation process is set out in the CUSC and in line with the
principles set out above.

14.18.32 In the event of a manifest error in the calculation of TNUoS charges which
results in a material discrepancy in a User's TNUoS charge as defined in
Sections 14.17.33 to 14.17.38, the generation charges of Users qualifying
under Section Error! Reference source not found. will be reconciled in line
with 14.18.20 and 14.18.25 using the recalculated tariffs.

Further Information

14.18.33 The Statement of Use of System Charges contains the £/kW generation
zonal tariffs for the current Financial Year.
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14.19 Data Requirements

Data Required for Charge Setting

14.19.1

14.19.2

14.19.3

14.19.4

14.19.5

Users who are Generators or Interconnector Asset Owners provide to The
Company a forecast for the following Financial Year of the highest
Transmission Entry Capacity (TEC) applicable to each Power Station or
Interconnector for that Financial Year. For Financial Year 2008/9 Scottish
Generators or Interconnector Asset Owners provide to The Company a
forecast of the equivalent highest ‘export’ capacity figure. This data is
required by The Company as the basis for setting TNUoOS tariffs. The
Company may request these forecasts in the November prior to the
Financial Year to which they relate, in accordance with the CUSC.
Additionally users who are Generators provide to The Company details of
their generation plant type.

Users who are owners or operators of a User System (e.g. Distribution
companies) provide a forecast for the following Financial Year of the Natural
Demand attributable to each Grid Supply Point equal to the forecasts of
Natural Demand under both Annual Average Cold Spell (ACS) Conditions
and a forecast of the average metered Demand attributable to such Grid
Supply Point for the Triad. This data Electricity Ten Year Statement (ETYS)
is compiled from week 24 data submitted in accordance with the Grid Code.

The BSCCo will provide data to The Company with respect to Final Demand
Site counts and Unmetered Supply volumes to enable the development of
the Transmission Demand Residual Tariffs.

For the following Financial Year, The Company shall use these forecasts as
the basis of Transmission Network Use of System charges for such Financial
Year. A description of how this data is incorporated is included in 14.15
Derivation of the Transmission Network Use of System Tariff.

If no data is received from the User, then The Company will use the best
information available for the purposes of calculation of the TNUOoS tariffs. This
will normally be the forecasts provided for the previous Financial Year.

Data Required for Calculating Users’ Charges

14.19.6

In order for The Company to calculate Users' TNUoS charges, Users who
are Suppliers shall provide to The Company forecasts of half-hourly and non-
half-hourly demand in accordance with paragraph 14.17.19 and 14.17.20 and
in accordance with the CUSC.
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14.20 Applications

14.20.1

Application fees are payable in respect of applications for new Use of System
agreements; modifications to existing agreements; and applications for short-
term access products or services. These are based on the reasonable costs
that transmission licensees incur in processing these applications.

Applications for short-term access

14.20.2

14.20.3

14.20.4

Application fees for short-term access products or services are fixed and
detailed in the Statement of Use of System Charges. These are non-
refundable except for the following limited instances:

o  Where a User (or Users) withdraw their application in accordance with
any interactivity provisions that may be contained within the CUSC; or

e Where the application fee covers ongoing assessment work that is
contingent on the acceptance of the offer.

In either case, the refunded amount will be proportional to the remaining
assessment time available.

To ensure that application fees for short-term access are cost reflective, fees
may be comprised of a number of components. For instance, the LDTEC
Request Fee is comprised of a number of components and the total fee
payable is the sum of those components that apply to the type(s) of LDTEC
Offer(s) requested. For example:

e The LDTEC Request Fee for an LDTEC Block Offer is the basic request
fee.

e The LDTEC Request Fee for an LDTEC Indicative Block Offer is the sum
of the basic request fee and the additional rolling assessment fee.

e The LDTEC Request Fee payable for a combined LDTEC Block Offer
and LDTEC Indicative Block Offer is the sum of the basic request fee, the
additional rolling assessment fee, and the additional combined
application fee.

Applications for new or modified existing Use of System Agreements

14.20.5

14.20.6

Users can opt to pay a fixed price application fee in respect of their application
or pay the actual costs incurred. The fixed price fees for applications are
detailed in the Statement of Use of System Charges.

If a User chooses not to pay the fixed fee, the application fee will be based
on an advance of transmission licensees’ Engineering and out-of pocket
expenses and will vary according to the size of the scheme and the amount
of work involved. Once the associated offer has been signed or lapsed, a
reconciliation will be undertaken. Where actual expenses exceed the
advance, The Company will issue an invoice for the excess. Conversely,
where The Company does not use the whole of the advance, the balance
will be returned to the User.
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14.20.7 The Company will refund the first application fee paid (the fixed fee or the
amount post-reconciliation) and consent payments made under the
Construction Agreement for new or modified existing agreements. The refund
shall be made either on commissioning or against the charges payable in the
first three years of the new or modified agreement. The refund will be net of
external costs.

14.20.8 The Company will not refund application fees for applications to modify a
new agreement or modified existing agreement at the User’s request before
any charges become payable. For example, The Company will not refund an
application fee to delay the provision of a new connection if this is made prior
to charges becoming payable.
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14.21 Transport Model Example

For the purposes of the DCLF Transport algorithm, it has been assumed that the value of
circuit impedance is equal to the value of circuit reactance.

Consider the following 3-node network, where generation at node A is intermittent and
generation at node B is conventional:

Gen = 845MW
Dem = 50MW

3km 275kV OHL

Impedance = 2X

Gen = 650MW
Dem = 100MW

2km 400kV cable
Impedance = X
6km 400kV OHL

10km 400kV OHL
Impedance = X

Total Gen = 1495MW

Total Dem = 1150MW

Gen Scaling Factor =
Gen = OMW 0.7692308

Dem = 1000MW
— Denotes cable
For both Peak Security and Year Round generation backgrounds, the nodal generation is
scaled according to the relevant Scaling Factors, as per 14.15.7, such that total system

generation equals total system demand minus total imports from external systems.

Scaling Factor Adjustment to 10% minimum

If the SQSS process gives a variable scaling factor less than 10%, then it will be adjusted
along with the fixed factors as per the following example.

Total Unscaled TEC = 107600
ACS Demand = 49870

Increasing the variable scaling factor to 10% results in an increase of 5190MW to total scaled
generation, which is then counteracted by a uniform 10.06% reduction to all fixed scaling
factors (N.B some rounding included below). “Scaling Factor after 10% floor applied” column
in the table below gives the required scaling factors to ensure total scaled TEC is equal to
49870 (ACS).

Generator Type TEC Type Year Round Scaled Scaling Scaled
Background Generation Factor Generation
SQSS Scaling (SQSS) after 10% | after floor
Factor floor applied for
applied variable
Biomass 2000 Variable | -5% -100 10.00% 200
CCGT 30000 Variable | -5% -1500 10.00% 3000
CHP 2000 Variable | -5% -100 10.00% 200
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Coal 0 Variable | -5% 0 10.00% 0
Hydro 600 Variable | -5% -30 10.00% 60
Interconnectors 10000 Fixed 100% 10000 89.94% 8994
Nuclear 6000 Fixed 85% 5100 76.45% 4587
OCGT 2000 Fixed 0% 0 0% 0
Pump Storage 10000 Fixed 50% 5000 44.97% 4497
Tidal - Fixed 70% 0 62.96% 0
Wave - Fixed 70% 0 62.96% 0
Wind Offshore 25000 Fixed 70% 17500 62.96% 15740
Wind Onshore 20000 Fixed 70% 14000 62.96% 12592

Total scaled generation for fixed plant types in SQSS = 51600
Reduction required/SQSS fixed generation = 5190/51600 = 10.06%

Peak Security background:

A fixed scaling factor of 0% is applied to intermittent generation at node A and a variable
scaling factor is applied to the conventional generation at node B so that the total generation
is equal to the total demand.

Node A Generation =

0 * 643MW = OMW

Node B Generation = 1150/

1500 * 1500MW = 1150MW

This gives the following balanced system , where the actual generation after the application
of scaling factors is shown:
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3km 275kV OHL Gen = 650MW

Dem = 50MW

Gen = 500MW
Dem = 100MW

Impedance =2X

2km 400KV cable
Impedance = X
6km 400kV OHL

10km 400kV OHL
Impedance = X

Total Scaled Gen =
1150MW

Total Dem = 1150MW
Gen = OMW

Dem = 1000MW

Assuming Node A is the reference nodef,, each 400kV circuit has impedance X, the 275kV
circuit has impedance 2X, the 400kV cable circuit expansion factor is 10 and the 275kV
overhead line circuit expansion factor is 2, the DCLF transport algorithm calculates the base
case power flows for Peak Security background as follows:

Node B exports, whilst Nodes A and C import. Hence the DCLF algorithm derives flows to
deliver export power from Node B to meet import needs at Nodes A and C.

Step 1:Net export from Node B to Node A is 100MW; both routes BA and BC-CA have
impedance 2X; hence 50MW would flow down both routes.

Gen = 500MW 3km 275kV OHL

Dem = 100MW

Gen = 650MW
Dem = 50MW

Impedance =2X

2km 400KV cable
Impedance = X
6km 400kV OHL

10km 400kV OHL
Impedance = X

Total Scaled Gen =
1150MW

Total Dem = 1150MW
Gen = OMW

Dem = 1000MW
Step 2:Net export from Node B to Node C is 1000MW; route BC has impedance X and route
BA-AC has impedance 3X; hence 750MW would flow down BC and 250MW along BA-
AC

T For simplicity, fixed reference node has been used instead of a distributed reference node.
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Step 3:Using super-position to add the flows derived in Steps 1 and 2 derives the following;

Flow AC =-50MW + 250MW = 200MW
Flow AB =-50MW - 250MW = -300MW
Flow BC = 50MW + 750MW = 800MW

Year Round background:

A fixed scaling factor of 70% is applied to intermittent generation at node A and a variable
scaling factor is applied to the conventional generation at node B so that the total generation
is equal to the total demand.

Node A Generation = 70% * 643MW = 450MW

Node B Generation = (1150-450)/1500 * 1500MW = 700MW

This gives the following balanced system, where the actual generation after the application of
scaling factors is shown:

Gen = 450MW 3km 275kV OHL Gen = 700MW
Dem = 100MW Impedance = 2X Dem = 50MW
2km 400kV cable

Impedance = X
6km 400kV OHL

10km 400kV OHL
Impedance = X

Total Scaled Gen = 1150MW
Total Dem = 1150MW
Gen = OMW
Dem = 1000MW
Assuming the same circuit impedances and expansion factors as used above in the Peak

Security background, the DCLF transport algorithm calculates the base case power flows for
Year Round background as follows:

Page 109 of 148 V1.47 11 November 2025



CUSC v1.47

Gen = 450MW
Dem = 100MW

Gen = 700MW
Dem = 50MW

3 x2=6km & Imp =2X

il
-

75MW
425MW 575MW

6 + (2 x 10) = 26km & Imp =X

power flows from node B to node C
inversely proportional to the sum of
impedances for BC and BAC. Same
Gen = OMW principle is true for node A. Super-
Dem = 1000MW position of these derives final net
circuit flows for AB, AC & BC

Nodes A and B export, whilst Node C imports. Hence the DCLF algorithm derives flows to
deliver export power from Nodes A and B to meet import needs at Node C.

Step 1:Net export from Node A is 350MW; route AC has impedance X and route AB-BC has
impedance 3X; hence 262.5MW would flow down AC and 87.5MW along AB-BC

Step 2:Net export from Node B is 650MW; route BC has impedance X and route BA-AC has
impedance 3X; hence 487.5MW would flow down BC and 162.5MW along BA-AC

Step 3:Using super-position to add the flows derived in Steps 1 and 2 derives the following;

Flow AC = 262.5MW + 162.5MW = 425MW
Flow AB = 87.5MW - 162.5MW = -7T5MW
Flow BC = 87.5MW + 487.5MW = 575MW

Then, based on the background giving rise to highest flow, each circuit is tagged as either
Peak Security or Year Round.
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Gen = 1500MW
Dem = 50MW

Gen = 643MW
Dem = 100MW

Gen = OMW
Dem = 1000MW

Therefore, circuits AB and BC are tagged as Peak Security and AC is tagged as Year Round.

Total Peak Security cost = (300 X 6) + (800 X 26) = 22,600MWkm
(base case)

Total Year Round cost =425 X 10 = 4,250 MWkm
(base case)

We then ‘inject’ 1MW of generation at each node with a corresponding 1MW offtake (demand)
at the reference node and recalculate the total Peak Security MWkm cost and Year Round
MWkm cost (noting that each circuit is only in one background). The difference from the base
case for Peak Security and Year Round costs is the marginal km or shadow cost for Peak
Security and Year Round networks respectively. The size and direction of the incremental MW
is shown below along with the resultant when superimposed on the relevant base case flow
(i.e. higher of the Peak Security and Year Round) depicted in brackets:.

-TMW

-0.25MW (799.75MW)

0. 75MW (424 25MW)

+H1MW
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To calculate relevant Peak Security and Year Round the marginal km for node C:
Total Peak Security Cost = (300.25 x 6) + (799.75 x 26) =22,595
Total Year Round Cost = 424.25 X 10 = 4,242.5 MWkm
Marginal Peak Security cost = Incremental total Peak Security cost — Base case total Peak
Security cost
= 22595 — 22600 = -5MWkm
Marginal Year Round cost = Incremental total Year Round cost — Base case total Year Round

cost
=4242.5 —-4250 = -7.5MWkKm

Thus the overall cost has reduced by .5 for Peak Security (i.e. the marginal km = 5) and by 7.5
for Year Round (i.e the Year Round marginal km = -7.5)
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14.22 lllustrative Calculation of Boundary Sharing Factors
(BSFs) and Shared / Not-Shared incremental km

The following illustrative example shows how the boundary sharing factors and shared / not-shared
incremental km are calculated for the transmission system described in the table below.

Generation A B C D
Charging Zone
Zonal MWkm 450 350 150 100

The diagram below shows the expanded connectivity of this transmission system.

LC/C (M)
Zone A Shared km MNot-Shared
Boundary AB 100 km 0 km 100 km
Zone B

Boundary BC 200 km 111 km 29 km

Zone C

Boundary CD 50 km 40.5 km 9.5 km

Zone D

Boundary D-rest of system 100 km 100 km 0 km
Total marginal km = 450 km 251.5 km 198.5 km
up
110 -
100
=0
S
e = -
é 7o
g Eall -
E (]
= 40 -
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w 20
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Proportion of Low Carbon Generation Capacity im a Zone

The above figure illustrates how the Year Round marginal km are split into Shared and Not-
Shared.

(a) For Boundary AB (where 50MW of the generation is Low Carbon (LC) and OMW of the
generation is Carbon (C) and Year Round boundary marginal km = 100km) -
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Lc = 50 =1 which is greater than 0.5, therefore the following formula will
(LC+C) 50 +0

be used to calculate the Boundary Sharing Factor (BSF) —

BSF = —2x| L€ |42 = —ou| X +2=0(0%)
LC+C 50+0

Year Round Shared marginal km = 0.0 * 100km = 0 km
Year Round Not-Shared marginal km = (100 — 0)km = 100 km

(b) For Boundary BC (where 130MW of generation is Low Carbon (LC) and 50MW of
generation is Carbon (C) and Year Round boundary marginal km = 200km) —

LC  (50+80)
(LC+C) (50+80)+(0+50)
following formula will be used to the BSF —

=0.722 which is greater than 0.5, therefore the

BSF = —ax| —EC |42 = _py 130 +2 = 0.556 (55.6%)
LC+C 130+ 50

Year Round Shared marginal km = 0.556 * 200km = 111 km
Year Round Not-Shared marginal km = (200 — 111)km = 89 km

(c) For Boundary CD (where 250MW of generation is Low Carbon (LC) and 170MW of
generation is Carbon (C) and Year Round boundary marginal km = 50km) —

LC = (50+80+120) =0.595 which is greater than 0.5, therefore
(LC+C) (50+80+120)+(0+50+120)

the following formula will be used to calculate the BSF —

BSF:—2><( Lc j+2 = —2x[iJ+2 = 0.810 (81%)

LC+C 2504170

Year Round Shared marginal km = 0.81 * 50km = 40.5 km
Year Round Not-Shared marginal km = (50 — 40.5)km = 9.5 km

(d) For Doundary D-rest of system (where 330MW of generation is Low Carbon (LC) and
330MW of generation is Carbon (C) and Year Round boundary marginal km = 100km) —

Lc (50+80+120+80)
(LC+C) (50+80+120+80)+(0+50+120+160)

at which maximum sharing occurs between LC and C generation. Therefore 100% of the
Year Round zonal marginal km will be shared. (i.e. BSF=1.0);

=0.5 therefore it is at the threshold

Year Round Shared marginal km = 1.0 * 100 = 100 km

Year Round Not-Shared marginal km = (100 — 100)km = 0 km

The shared zonal marginal km for each generation charging zone will be the sum of the
relevant shared boundary marginal km as shown in the table below (assuming the node
below D is the centre of the system i.e. zonal MWkm of 0). These not-shared zonal
incremental km are then use to calculate wider £/kW generation tariffs.
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Boundary/Zone A B C D
A-B 0

B-C 111 111

C-D 40.5 40.5 40.5

D-rest of system 100 100 100 100
Shared Zonal 2515 2515 140.5 100
MWkm

Total Zonal MWkm | 450 350 150 100

The not-shared zonal marginal km for each generation charging zone will be the sum of the
relevant not-shared boundary marginal km as shown in the table below (assuming the node
below D is the centre of the system i.e. zonal MWkm of 0). These not-shared zonal

incremental km are then use to calculate wider £/kW generation tariffs.

Boundary/Zone A B C D
A-B 100

B-C 89 89

C-D 9.5 9.5 9.5

D-rest of system 0 0 0 0
Not-Shared Zonal 198.5 98.5 9.5 0
MWkm

Total Zonal MWkm | 450 350 150 100
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14.23 Example: Calculation of Zonal Generation Tariff

Wider
Let us consider all nodes in a generation zone in this example.

The table below shows a sample output of the transport model comprising the node, the Peak
Security wider nodal marginal km and Year Round wider nodal marginal km (observed on non-
local assets) of an injection at the node with a consequent withdrawal across distributed
reference node, the generation sited at the node, scaled to ensure total national generation
equals total national demand, for both Peak Security and Year Round generation
backgrounds..

Gen Widell' Nodal Sca!ed Wider Nodal Sca!ed
Zone Node Marginal km Generation ~ Marginal km Generation
(Peak Security) (Peak Security) (Year Round) (Year Round)

4 ABNE10 5.73 0.00 459.90 0.00
4 CLAY1S 239.67 0.00 306.47 0.00
4 CLUN1S 46.41 22.90 502.16 18.76
4 COUA10 45.39 0.00 423.30 0.00
4 DYCE1Q 162.70 0.00 357.81 0.00
4 ERRO10 46.82 56.13 534.03 45.99
4 FIDD1B 91.88 0.00 220.59 0.00
4 FINL1Q 79.69 12.35 495.63 10.12
4 GRIF1S 33.31 0.00 521.16 71.40
4 KIIN10 79.69 0.00 495.63 0.00
4 LOCH10 79.69 35.18 495.63 28.82
4 MILC10 117.69 0.00 328.86 0.00
4 PERS20 266.00 0.00 384.05 0.00
4 TUMB1Q 46.82 0.00 536.27 0.00
Totals 126.56 175.09

In order to calculate the generation tariff we would carry out the following steps.
(i) calculate the generation weighted wider nodal shadow costs.

For this example zone this would be as follows:

Gen Gen
Wider Nodal Scaled Weighted Wider Nodal Scaled Weighted
Node Marginal km Generation Wider Nodal Marginal km Generation  Wider Nodal
(Peak (Peak Security) Marginal km (Year Round) (Year Round) Marginal km
Security) (MW) (Peak (MW) (Year Round)
Security)

CLUN1S 46.41 22.90 8.39 502.16 18.76 53.80
ERRO10 46.82 56.13 20.76 534.03 45.99 140.27
FINL1Q 79.69 12.35 7.77 495.63 10.12 28.65
GRIF1S N/A N/A N/A 521.16 71.40 212.52
LOCH10 79.69 35.18 22.15 495.63 28.82 81.58

Totals 126.56 175.09
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(ii)

(iif)

i.e. 79.69 x 35.18

126.56

sum the generation weighted wider nodal shadow costs to give Peak Security and Year
Round zonal figures

For this example zone this would be:
.Peak Security: (8.39 + 20.76+7.77+22.15) km = 59.07km
Year Round: (53.80 + 140.27 + 28.65 + 212.52 + 81.58) = 516.82 km

In this example we have assumed that accounting for sharing in the Year Round
background gives:

Year Round Shared marginal km = 344.56km

(iv)

b)

Year Round Not-Shared marginal km = 172.26km

)

calculate the initial Peak Security wider transport tariff, Year Round Shared wider
transport tariff and Year Round Not-Shared wider transport tariff by multiplying the
figure in (iii) above by the expansion constant (& dividing by 1000 to put into units of
£/KW).

For zone 4 and assuming an expansion constant of £10.07/MWkm and a locational
security factor of 1.8:

(a) Initial Peak Security wider tariff - 59.07 km * £10.07/MWkm * 1.8 =
£1.071/kW

1000
Initial Year Round Shared wider tariff -

344.56 km * £10.07/MWkm * 1.8

£6.245/kW

Local

(v)

1000
Initial Year Round Not-Shared wider tariff -

172.26 km * £10.07/MWKm * 1.8 = £1.309/kW
1000

If we assume (for the sake of this example) that the generator connecting at CLUN1S
is a thermal plant with a Peak Security flag of 1 and an Annual Load Factor (ALF) of
60%, which connects via 10km of 132kV 100MVA rated single circuit overhead line
from the nearest MITS node, with no redundancy, the substation is rated at less than
1320MW, and there is no other generation or demand connecting to this circuit, then:

the local substation tariff shall be as published in accordance with paragraph 14.15.122. For

this example we the local substation tariff will be £0.133/kW; and

a) running the transport model with a local circuit expansion factor of 10.0 applied to
the 10km of overhead line connecting CLUN1S to the nearest MITS node and the
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wider circuit expansion factors applied to all other circuits, gives a local nodal
maginal cost of 100MWkm. This is the additional MWkm costs associated with the
node’s local assets. Applying the expansion constant of £10.07/MWkm and local
security factor of 1.0 and dividing by 1000 gives a local circuit tariff of £1.007/kW.

Adjustment Tariff

(vi)

(vii)

We now need to calculate the Adjustment Tariff. This is calculated by taking the
Adjustment Revenue and dividing this by the Chargable Generation Capacity (as per
to 14.14.5 (viii) (h)) create a £/kW figure

Assuming annual average transmission charges paid by Generators is due to fall below
€0, The Company will add Adjustment Revenue to ensure that compliance with the
Limiting Regulation is maintained — in this example let us assume it is £260m and the
GB-wide generation Chargable Capacity is 60GW (60,000,000kW). This would mean
the non-locational Adjustment Tariff would be calculated as;

. . . ) Adjustment Revenue
Adjustment Tarif f (AdjTariff) =

Chargable Capacity

£260m

Adjustment Tarif f (AdjTariff) = 60.000,000kW

Adjustment Tarif f (AdjTariff) = £4.33/kW

Therefore the charges for thermal plant with a TEC of 100MW and an ALF of 60%,
connecting at CLUN1S is:

= Wider Peak Security Tariff * PS Flag * TEC

= Wider Year Round Shared Tariff * ALF * TEC
= Wider Year Round Not-Shared Tariff * TEC
= Local substation Tariff * TEC

= Local circuit Tariff * TEC

= Adjustment Tariff * TEC

1.071 * 1 * 100,000
6.245 * 0.6 * 100,000
1.309 * 100, 000
0.133 * 100,000
1.007 * 100,000
4.33 * 100,000

(effectively, £11597/kW * 100,000kW = £1,159,700)

(viii) Alternatively, if we assume that the generator connecting at CLUN1S is an intermittent
wind generation plant (instead of a thermal plant) with a TEC of 100MW, PS Flag of 0 and
an ALF of 30%, then the charges payable will be —

.071 *0* 100,000
.2457* 0.3 * 100,000
.309 * 100, 000

= Wider Peak Security Tariff * PS Flag * TEC 1
6
1
0.133 * 100,000
1
4

= Wider Year Round Shared Tariff * ALF * TEC
= Wider Year Round Not-Shared Tariff * TEC

= Local substation Tariff * TEC

= Local circuit Tariff * TEC

= Adjustment Tariff * TEC

.007 * 100,000
.33 * 100,000

(effectively, £8.653/kW * 100,000kW = £865,300)
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14.24 Example: Calculation of Zonal Demand Locational Tariff
Let us consider all nodes in the same demand zone in this example

The table below shows an example output of the transport model comprising the node, the
Peak Security and Year Round nodal marginal km of an injection at the node with a consequent
withdrawal at the distributed reference node, the generation sited at the node, scaled to ensure
total national generation = total national net demand and the net demand sited at the node.

Where the Demand (MW) is negative this indicates that the Demand node is Exporting rather
than importing.

Year
Peak Security Round
Demand Node Nodal Nodal Deznlv?\;]v(;
Marginal km Marginal
km
1 A 110 80 100
1 B 140 a0 100
1 C 120 80 0
1 D 100 100 -50
1 E 100 70 50
Totals 200
D Peak Security  Year Round Net
emand . X
Zone Node Nodal Marginal Nodal Marginal Demand
km km (MW)
14 ABHA4A -77.25 -230.25 127
14 ABHA4B -77.27 -230.12 127
14 ALVE4A -82.28 -197.18 100
14 ALVE4B -82.28 -197.15 100
14 AXMI40 SWEB -125.58 -176.19 97
14 BRWA2A -46.55 -182.68 96
14 BRWA2B -46.55 -181.12 96
14 EXET40 -87.69 -164.42 340
14 HINP20 -46.55 -147.14 0
14 HINP40 -46.55 -147 .14 0
14 INDQ40 -102.02 -262.50 444
14 IROA20_SWEB -109.05 -141.92 462
14 LAND40 -62.54 -246.16 262
14 MELK40_SWEB 18.67 -140.75 83
14 SEAB40 65.33 -140.97 304
14 TAUN4A -66.65 -149.11 55
14 TAUN4B -66.66 -149.11 55
Totals 2748
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In order to calculate the gross demand tariff we would carry out the following steps:

(i)

Change Negative Demand values to 0 (zero) , which in this example is Node D

Demand Zone Node

L UL UL UL UL §

(ii)

Demand

Zone

JEL L L U I U

(iif)

(iv)

m oo o >»

Peak Security
Nodal Marginal

km

110
140
120
100
100

Totals

Year Round

Nodal Marginal

km

80
90
80
100
70

calculate the demand weighted nodal shadow costs

For this example zone this would be as follows:

Peak

Security

Node Nodal
Marginal

km

110
140
120
100
100
Totals

moow >

sum the Peak Security and Year Round demand weighted nodal shadow costs to give
zonal figures. For this example zone this is shown in the above table and is 120km for
Peak Security background and 82km for Year Round background.

i.) calculate the transport (locational) tariffs by multiplying the figures in (ii) above by -
1. This changes the original Nodal Marginal Km for injecting (Generation) into Nodal
Marginal Km for withdrawing (Demand). Then multiply by the expansion constant, the

Year

Round
Nodal
Marginal
km

80
90
80
100
70

Demand
(MW)

100
100

50
250

Peak
Security
Demand

Weighted
Nodal
Marginal km

44
56

20
120

Demand (MW)

100
100

50
250

Year
Round
Demand
Weighted
Nodal
Marginal
km

32
36

14
82

locational security factor and then divide by 1000 to put into units of £/kW:

For this example zone, assuming an expansion constant of £10.07/MWkm and a

locational security factor of 1.80:

a) Peak Security tariff —

- (120km * £10.07/MWkm * 1.8)

-£2.47/kW
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1000

b) Year Round tariff -

- (82* £10.07/MWkm * 1.8)
1000

The Locational signal for Demand within this zone is negative for both Peak and Year

Round, which indicates withdrawing at this part of the network, reduces total system

flows.

-£1.49/kW

ii.) A NHH locational demand element is calculated in accordance with the methodology
given in 14.16.2.

(v) i.) We now need to calculate the Transmission Demand Residual Tariffs. This is
calculated by first taking the total revenue to be recovered from demand less the
revenue which would be recovered through the demand locational and energy tariffs
and revenue recovery through embedded export tariffs.

Assuming the total revenue to be recovered from gross GSP group demand= £779m.
Assuming the total recovery from GSP group demand locational and energy tariffs is
£140m, total recovery from embedded export tariffs is -£10m the total revenue to be
recovered through the Transmission Demand Residual Tariffs will be as follows:

£779m — £140m — —£10m = £649m

ii.) The total revenue to be recovered from the Transmission Demand Residual
Tariffs as calculated in (i) above is then apportioned between the Charging Bands
as set in 14.15.137 by the sum of the annual energy consumption of the Final
Demand Sites or Unmetered Supplies as appropriate allocated to a Charging
Band as divided by the total annual energy consumption from all GB Final Demand
Sites and Unmetered Supplies.

iii.) An example is as follows:

The total annual consumption of all GB Final Demand Sites and Unmetered Supplies is
100TWh.

The sum of the annual energy consumption of all Final Demand Sites in HV Charging Band
1is 1TWh

Using the example of total revenue to be recovered through the Transmission Demand
Residual Tariffs above of £649m, HV Charging Band 1 Final Demand Sites will be liable
for 1% of this cost.

£6,490,000

The annual cost per site will be
Band 1.

where N is the total number of sites in HV Charging

If, in this example, N = 12,000 the annual charge per Final Demand Site in HV Charging
Band 1 will be £540.83.

The Transmission Demand Residual Tariff per Final Demand Site in HV Charging Band 1
will be set as a daily charge. The annual charge, in this example £540.83, will be divided by
the number of days in the charging year to deliver a Transmission Demand Residual Tariff
(£E/site/day).

£540.83
365 days

In this example; or £1.48/site/day.
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(vii)  The Transmission Demand Residual tariff is subject to further adjustment to allow for
the minimum £0/kW gross demand charge.
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14.25 Reconciliation of Demand Related Transmission Network
Use of System Charges

This appendix illustrates the methodology used by The Company in the reconciliation of
Transmission Network Use of System charges for demand. The example highlights the
different stages of the calculations from the monthly invoiced amounts, right through to Final
Reconciliation.

Monthly Charges - HH and NHH

Suppliers provide half-hourly (HH) gross demand and embedded export forecasts and non-
half-hourly (NHH) demand forecasts by BM Unit every quarter; The Company provides
FDSC Forecasts and Unmetered Supply Volume Forecasts on behalf of Suppliers. An
example of such forecasts and the corresponding monthly invoiced amounts, based on tariffs
of £10.00/kW for gross demand, £5.00/kW for embedded export and 1.20p/kWh for energy
consumption, is as follows:

HH and NHH Forecasts

HH Forecast
Forecast HH| HH Gross |ForecastbH | g oqqeq | NHH NHH
. Demand Triad ; Energy Net Monthly
Triad Gross Generation . Monthly .
D Monthly Embedded Consumptio . Invoiced
emand . Monthly Invoiced
HHDE (kW) | nvoiced | Bxport | iced n Amount (g) | Amount (£)
Amount (£) |HHEEF (kW) NHHCEr(kWh
Amount (£) )
Apr 12,000 10,000 -600 (250) 15,000,000 15,000 24,750
May 12,000 10,000 -600 (250) 15,000,000 15,000 24,750
Jun 12,000 10,000 -600 (250) 15,000,000 15,000 24,750
Jul 12,000 10,000 -600 (250) 18,000,000 19,000 28,750
Aug 12,000 10,000 -600 (250) 18,000,000 19,000 28,750
Sep 12,000 10,000 -600 (250) 18,000,000 19,000 28,750
Oct 12,000 10,000 -600 (250) 18,000,000 19,000 28,750
Nov 12,000 10,000 -600 (250) 18,000,000 19,000 28,750
Dec 12,000 10,000 -600 (250) 18,000,000 19,000 28,750
Jan 7,200 (6,000) -600 (250) 18,000,000 19,000 12,750
Feb 7,200 (6,000) -600 (250) 18,000,000 19,000 12,750
Mar 7,200 (6,000) -600 (250) 18,000,000 19,000 12,750
Total 72,000 (3,000) 216,000 285,000

As shown, for the first nine months the Supplier provided a 12,000kW HH triad gross
demand forecast, and hence paid HH gross demand monthly charges of £10,000
((12,000kW x £10.00/kW)/12) for that BM Unit. In January the Supplier provided a revised
forecast of 7,200kW, implying a forecast annual charge reduced to £72,000 (7,200kW x
£10.00/kW). The Supplier had already paid £90,000, so the excess of £18,000 was credited
back to the supplier in three £6,000 instalments over the last three months of the year.

The Supplier provided an embedded export triad forecast of -600kW and hence was paid an

embedded export credit of £250 ((600kW x £5.00/kW)/12) for that BM Unit (For the

avoidance of doubt, if the embedded export tariff is negative this will result in a debit).

The Supplier also initially provided a 15,000,000kWh NHH energy consumption forecast, and
hence paid NHH monthly charges of £15,000 ((15,000,000kWh x 1.2p/kWh)/12) for that BM
Unit. In July the Supplier provided a revised forecast of 18,000,000kWh, implying a forecast
annual charge increased to £216,000 (18,000,000kWh x 1.2p/kWh). The Supplier had
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already paid £45,000, so the remaining £171,000 was split into payments of £19,000 for the
last nine months of the year.

The right hand column shows the net monthly HH and NHH charges for the BM Unit.
Monthly Charge — TDR

The User shall not be required to submit forecasts of FDSC or Unmetered Supply Volume. The
Company shall use the latest daily actual FDSC and Unmetered Supply Volume prior to the forecast

as the basis of the forecast.

As an example, at the start of the year the supplier has sites in just three of the charging
bands, as shown below. The April invoice is calculated as the annual liability divided by 12.

Charging Band TDR Quantity Tariff April Invoice

Band 1 240 Sites £1/Site/Day =240x1x365/12
=£7,300

Band 2 180 Sites £2/Site/Day =180x2x365/12
=£10,950

UMS 4800kWh/day £0.012/kWh =4800 x 0.012 x 365/ 12
=£1,752
Total £20,002

Each month the Company recalculates the forecast liability for the full year, based on any
revision to the FDSC and Unmetered Supply Volume for the previous months, and the latest
forecast for the remainder of the year. The amount the supplier has already paid is deducted
from this annual liability, and the balance is divided by the number of months left to bill.
Initial Reconciliation (Part 1a — HH Demand)

The Supplier's outturn HH triad gross demand, based on latest settlement data (and

therefore subject to change in subsequent settlement runs), was 9,000kW. The HH triad
gross demand reconciliation charge is therefore calculated as follows:

HHD Reconciliation Charge = (HHDa - HHDf) x £/kW Tariff

= (9,000kW - 7,200kW) x £10.00/kW

= 1,800kW x £10.00/kW

=£18,000
To calculate monthly interest charges, the outturn HHD charge is split equally over the 12-
month period. The monthly reconciliation amount is the monthly outturn HHD charge less
the HH gross demand monthly invoiced amount. Interest payments are calculated based on
these monthly reconciliation amounts using Barclays Base Rate.
Initial Reconciliation (Part 1b — Embedded Export)
The Supplier's outturn HH triad embedded export, based on latest settlement data (and
therefore subject to change in subsequent settlement runs), was 500kW. The HH triad

embedded export reconciliation charge is therefore calculated as follows:

HHEE Reconciliation Charge = (HHEEaA — HHEEF) x £/kW Tariff
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= (-500kW - -600kW) x £5.00/kW

= 100kW x £5.00/kW

= £500
To calculate monthly interest charges, the outturn HHEE charge is split equally over the 12-
month period. The monthly reconciliation amount is the monthly outturn HHEE charge less

the HH embedded generation monthly invoiced amount. Interest payments are calculated
based on these monthly reconciliation amounts using Barclays Base Rate.

Initial Reconciliation (Part 2 — NHH Demand)

The Supplier's outturn NHH energy consumption, based on latest settlement data, was
17,000,000kWh. The NHH energy consumption reconciliation charge is therefore calculated
as follows:

NHHC Reconciliation Charge = (NHHCA - NHHC¢) x p/kWh Tariff

100

= (17,000,000kWh - 18,000,000kWh) x 1.20p/kWh

100

=-1,000,000kWh x 1.20p/kWh
100
= -£12,000

The monthly reconciliation amount is equal to the outturn energy consumption charge for that
month less the NHH monthly invoiced amount. Interest payments are calculated based on
these monthly reconciliation amounts using Barclays Base Rate.

Initial Reconciliation (Part 3 - TDR)

The Supplier’s outturn Transmission Demand Residual charge is calculated for each month
using FDSC and Unmetered Supply Volume based on latest settlement data as follows,

Charging | Latest TDR Tariff April Charge Original April | Initial Demand
Band Quantity Invoice Reconciliation
for April
Band 1 230 Sites £1/Site/Day | =230 x 1 x 30 days £7,300 -£400
= £6,900
Band 2 200 Sites £2/Site/Day =200x2x30 £10,950 £1,050
=£12,000
UMS 5000kWh/day | £0.012/kWh | = 5000 x 0.012 x 30 £1,752 £48
=£1,800
Total £20,700 £20,002 £698

If the Supplier’'s TDR quantity was the same for every month of the year, the total TDR
reconciliation charge would be:
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TDR Reconciliation Charge = [ (230-240) * 1 + (200-180) * 2 + (5000-4800) * 0.012 ] *365

=£11,826

The monthly reconciliation amount is the monthly outturn Transmission Demand Residual
Charge less the monthly invoiced amount. Interest payments are calculated based on these

monthly reconciliation amounts using Barclays Base Rate.

On the above examples, the net initial TNUoS demand reconciliation charge (across HH, EE, NHH
and TDR, but excluding interest) is therefore £18,000 + £500 - £12,000 + £11,826 = £18,326.

Final Reconciliation

Finally, let us now suppose that after all final Settlement data has been received (up to 14 months
after the relevant dates) as shown in the below table;

Settlement Data item Initial Value Final Value
HH triad gross demand 9,000kW 9,500kW
HH triad embedded export -500kW -550kW
NHH energy consumption 17,000,000kWh 16,700,000kWh
Band 1 230 Sites 235 Sites
Band 2 200 Sites 195 Sites
uUMs 5,000kWh/day 5,100kWh/day

This would mean the Final Reconciliation calculations would be.

Final HH Gross Demand = (9,500kW - 9,000kW) x £10.00/kW
Reconciliation Charge =£5,000

Final HH Embedded Export = (-550kW - -500kW) x £5.00/kW
Reconciliation Charge = -£250

Final NHH Reconciliation Charge = (16,700,000kWh — 17,000,000kWh) x 1.20p/kWh
100

=-£3,600
FDSC Charging Band 1 = (235 Sites — 230 Sites) x £1/Site/Day x 365 days = £150
FDSC Charging Band 2 = (195 Sites — 200 Sites) x £2/Site/Day x 365 Days = -£300
UMS Charging Band= (5,100kWh/day — 5,000kWh/day) x 0.012/kWh x 365 Days = -£36

Consequently, the net final TNUoS demand reconciliation charge will be £5,000 -£250 -£3,600 +
£150 - £300 +- £36 = £1,036

Monthly reconciliation amounts are calculated in a similar way as for the Initial Reconciliation, being (i)
for HH Demand and Embedded Export, the outturn annual charge divided by 12, and for NHH Demand
and TDR it is the outturn charge for the month; less (ii) the amount already invoiced for that month

(including through the Initial Reconciliation). Interest payments are calculated based on these
monthly reconciliation amounts using Barclays Base Rate.
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Terminology:

HHDa = The Supplier's outturn half-hourly metered Triad Gross Demand (kW) for the
demand zone concerned.

HHDr = The Supplier's forecast half-hourly metered Triad Gross Demand (kW) for the
demand zone concerned.

HHEEA = The Supplier's outturn half-hourly metered Triad Embedded Export (kW) for the
demand zone concerned.

HHEEF = The Supplier's forecast half-hourly metered Triad Embedded Export (kW) for
the demand zone concerned.

NHHCa = The Supplier's outturn non-half-hourly metered daily Energy Consumption
(kWh) for the period 16:00 hrs to 19:00 hrs inclusive (i.e. settlement periods 33 to 38)
from April 1%t to March 31%, for the demand zone concerned.

NHHCr = The Supplier's forecast non-half-hourly metered daily Energy Consumption
(kWh) for the period 16:00 hrs to 19:00 hrs inclusive (i.e. settlement periods 33 to 38)
from April 1%t to March 31%, for the demand zone concerned.

£/kW Tariff = The £/kW Gross Demand or Embedded Export Tariff as shown in
Schedule 1 of The Statement of Use of System Charges for the demand zone
concerned.

p/kWh Tariff = The Energy Consumption Tariff shown in Schedule 1 of The Statement
of Use of System Charges for the demand zone concerned.
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14.26 Classification of parties for charging purposes

In the event of any conflict between this Appendix and the main text within this Statement, the
main text within the Statement shall take precendence.

In the following diagrams, the parties liable for Transmission Network Use of System charges
are outlined in red.

SUPPLIER

Supplier Use of System Agreement ___

Supplier Supplier

BMU1 BMUn
Demand Charges Generation Charges
See 14.17.13 and 14.17.18. None.

POWER STATION WITH A BILATERAL CONNECTION AGREEMENT

_ Bilateral Connection Agreement Appendix C

Gen Unit Gen Unit Station Additional
BMU1 BMUn Load BMU Load BMU
Demand Charges Generation Charges
See 14.17.18. See 14.18.1 i) and 14.18.3 to 14.18.9 and
14.18.18.

For generators in positive zones, see 14.18.10 to
14.18.12.

For generators in negative zones, see 14.18.13 to
14.18.17.
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PARTY WITH A BILATERAL EMBEDDED GENERATION AGREEMENT

Bilateral Embedded Generation Agreement AppendixC __

Gen Unit Gen Unit Station Additional
BMU1 BMUn Load BMU Load BMU
Demand Charges Generation Charges

See 14.17.14,14.17.15 and 14.17.18. | See 14.18.1 ii).

For generators in positive zones, see 14.18.3 to
14.18.12 and 14.18.18.

For generators in negative zones, see 14.18.3 to
14.18.9 and 14.18.13 to 14.18.18.
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14.27 Transmission Network Use of System Charging Flowcharts

The following flowcharts illustrate the parties liable for Demand and Generation TNUoS
charges and the calculation of those charges.

In the event of any conflict between this Appendix and the main text within this Statement, the
main text within the Statement shall take precedence.

Demand Charges

Demand Charging
Start

Select

Lead Party of
Supplier BMU

4

Average of each
BMU's HH metered
volume during the
Triad (x £/kW tariff)

AND

v

appropriate

party

Power Stations with a
Bilateral Connection
Agreement or Licensable
Generation with a Bilateral
Embedded Generation
Agreement

Exemptable Generation

and DDI with a Bilateral

Embedded Generation
Agreement

|

l

Average metered

Average net metered
import of Power Station
(including metered
additional load) during the
Triad (x £/kW tariff)

volume of Exempt
Export BMU during the
Triad (x £/kW tariff)

Each BMU's NHH metered

energy consumption during

16.00-19.00 inclusive every

day over the Financial Year
(x p/kWh tariff)

NB. If the average HH metered volume of
the Exempt Export BMU over the Triad
results in an import, the BMU will pay the
amount of the average import x relevant
£/kW tariff
If the average HH metered volume of the
Exempt Export BMU over the Triad
results in an export, the BMU will be paid
the amount of the average export x
relevant £/kW tariff

BMU = BM Unit
HH = half hourly

DDI = Derogated Distribution Interconnector

NHH = Non-half hourly
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Generation
Charges

DTEC

Short-larm chargeable capaciy x
relevart LDTEC tariff

Short-team chargeable capacity™ Is
the capacity purchased on a firm
profils ar indicative basls and
assassed on a waskly basss during
the LOTEC perod.

15 the Generabor
Licersable Generation?

a5
¥

Liable for Ganseration
THUBS changes,

Is overall tanfr for
the zons po sitive
ornegative?

Positive

1

Use TES

Charge abls Capaclty =
hlghe et TEZ for Pawsr
gtatlon for he Ananclal

BTJEC
1

Dioeass Ganerabor have a
Biateral Connection
Agraamant with
NGC?

o

b

Mot liable for Generation
THUGE charges,

Lregatme——

Usa proved avallabllity

Chargeable Capaclty = ave of
meterad volum & durng thrss
sete mentperod s othighsst
volums betws en Mov o Fab
Inclu elve, cappsd by TEZ
appllcable for the Anancial v ar

|
STTEGLDTEC

]

Ehort-tenm Chargeabie Capacity x
relevant short tarm genaration tariff

Chargeable Capacity = STTEC for
Powar Station for STTEC period

STTEC or LOTEC of zero
Tor negative il
componants

Al = aVerage

BMU = BM Unit
TEC = Transmission Eniry Capacity

STTEC = Short-Terrn Transmission Entry Capacity
LOTEC = Limited Duration Trarsmission Entry Capacity

connacted ko 122KV in Scotland

* The relevant generation tarff will be net of any designated surn for generators dirsctly
= 8 Full description of the short-term chargeabls capacity for
LOTEC I provided In Paragraphs 5.9 and 514 of this documeant.
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14.28 Example: Determination of The Company’s Forecast for
Demand Charge Purposes

The Company will use the latest available settlement data for calculation of HH demand and
NHH energy consumption forecasts for the Financial Year.

The Financial Year runs from 15t April to 315t March inclusive and for the purpose of these
examples the year April 2005 to March 2006 is used.

Where the preceding year’s settlement data is not available at the time that The Company
needs to calculate its forecast, The Company will use settlement data from the corresponding
period in Financial Year minus two unless indicated otherwise.

All values used with the examples are purely for illustrative purposes only.
i) Half-Hourly (HH) Metered Demand Forecast — Existing User

At the time of calculation of a HH demand forecast before the relevant Financial Year
(approximately 10" March), The Company will be aware at a system level which dates will be
used for the determination of Triad. However, The Company may not have settlement data
at a User level if the Triad dates were to span a period that includes the latter half of February.

When undertaking forecasting before the relevant Financial Year, The Company will use the
User’s Triad demand for the previous year for its forecast providing it holds User settlement
data for this period, thus:

F= T

where:

F = Forecast of User's HH demand at Triad for the Financial Year

T= User’s HH gross demand and embedded export at Triad in Financial Year minus one

Where The Company determines its forecast within a Financial Year:

F=T*D/P

where:

F = Forecast of User's HH demand at Triad for the Financial Year

T= User's HH gross demand and embedded export at Triad in the preceding Financial
Year

D= User’s average half hourly metered gross demand and embedded export in settlement

period 35 in the Financial Year to date

P = User’s average half hourly metered gross demand and embedded export in settlement
period 35 for the period corresponding to D in the preceding Financial Year

Where The Company determines its forecast before the relevant Financial Year and User
settlement data for the Triad period is not available, The Company shall apply the formula
immediately above (within year forecast) but substitute the following definitions for the values
T, D, and P:
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T= User’'s HH gross demand and embedded export at Triad in the Financial Year minus
two
D= User’s average half hourly metered gross demand and embedded export in settlement

period 35 in the Financial Year minus one, to date

P= User’s average half hourly metered gross demand and embedded export in settlement
period 35 for the period corresponding to D in the Financial Year minus two

Example (where User settlement data is not yet available for the Triad period):

The Company calculates a HH demand forecast on the above methodology at 10" March
2005 for the period 13t April 2005 to 315t March 2006.

Gross demand:

F =10,000 * 13,200 / 12,000

F =11,000 kW

where:

T= 10,000 kW (period November 2003 to February 2004)
D= 13,200 kW (period 15t April 2004 to 15" February 2005#)
P= 12,000 kW (period 1%t April 2003 to 15" February 2004)
# Latest date for which settlement data is available.

Embedded export:

=-280 *-300/-350

F =-240 kW

where:

T=  -280 kW (period November 2003 to February 2004)
D= -300 kW (period 15t April 2004 to 15" February 2005#)
P=  -350 kW (period 15t April 2003 to 15" February 2004)

# Latest date for which settlement data is available.

i) Non Half-Hourly (NHH) Metered Energy Consumption Forecast — Existing User

F=E*D/P

where:

F= Forecast of User's NHH metered energy consumption for the Financial Year

E=  Users summed NHH energy consumption over the hours 16:00 to 19:00 for each day

in the preceding Financial Year
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D= Users summed NHH energy consumption for the hours 16:00 to 19:00 for each day
for the Financial Year to date

P=  User's summed NHH energy consumption for the hours 16:00 to 19:00 for each day
for the period corresponding to D in the preceding Financial Year

Example:

The Company calculates a NHH energy consumption forecast on the above methodology at
10" June 2005 for the period 15t April 2005 to 31 March 2006.

F= 50,000,000 * 4,400,000 / 4,000,000

F= 55,000,000 kWh

where:

E= 50,000,000 kWh (period 1% April 2004 to 315 March 2005)

D= 4,400,000 kWh (period 1%t April 2005 to 15" May 2005#)

P= 4,000,000 kWh (period 15t April 2004 to 15" May 2004)

# Latest date for which settlement data is available

Where forecasting before the relevant Financial Year concerned, The Company would in the
above example use values for E and P from Financial Year 2003/04 and D from Financial

Year 2004/05.

iii) Half-Hourly (HH) Metered Demand Forecast — New User

F= M*T/W
where:
F= Forecast of User's HH metered gross demand and embedded export at Triad for the

Financial Year

M= User's HH average weekday period 35 demand for the last complete month for which
settlement data is available

T=  Total system HH gross demand and embedded export at Triad in the preceding
Financial Year

W= Total system HH average weekday settlement period 35 metered demand for the
corresponding period to M for the preceding year

Example:

The Company calculates a HH demand forecast on the above methodology at 10" September
2005 for a new User registered from 10" June 2005 for the period 10" June 2004 to 315 March
2006.

Gross demand:

F= 1,000 *17,000,000/ 18,888,888
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F= 900 kw

where:

M= 1,000 kW (period 1t July 2005 to 315t July 2005)

T= 17,000,000 kW (period November 2004 to February 2005)
W= 18,888,888 kW (period 1! July 2004 to 31 July 2004)

Embedded export:

F= -150 * -7,200,000 /- 6,000,000
F= -180 kW
where

= -150 kW (period 15t July 2005 to 31t July 2005)
=  -7,200,000 kW (period November 2004 to February 2005)

= -6,000,000 kW (period 1%t July 2004 to 31t July 2004)

iv) Non Half Hourly (NHH) Metered Energy Consumption Forecast — New User

F

J+ (M * R/W)
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where:

F= Forecast of User's NHH metered energy consumption for the Financial Year

J= Residual part month summed NHH metered energy consumption for the hours 16:00
to 19:00 for each day where new User registration takes place other than on the first of
a month

M= Users summed NHH metered energy consumption for the hours 16:00 to 19:00 for
each day for the last complete month for which settlement data is available

R = Total system summed NHH metered energy consumption for the hours 16:00 to 19:00
for each day for the period from the start of that defined under M but for the preceding
year and until the end of that preceding Financial Year

W= Total system summed NHH metered energy consumption for the hours 16:00 to 19:00
for each day for the period identified in M but for the preceding Financial Year

Example:

The Company calculates a NHH energy consumption forecast on the above methodology at
10" September 2005 for a new User registered from 10™ June 2005 for the period 10" June
2005 to 315t March 2006.
F= 500 + (1,000 * 20,000,000,000 / 2,000,000,000)
F= 10,500 kWh
where:
J= 500 kWh (period 10" June 2005 to 30" June 2005)
= 1,000 kWh (period 1%t July 2005 to 315t July 2005)
R=  20,000,000,000 kWh (period 15t July 2004 to 315 March 2005)

= 2,000,000,000 kWh (period 15t July 2004 to 31% July 2004)
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14.29 Stability & Predictability of TNUoS tariffs
Stability of tariffs

The Transmission Network Use of System Charging Methodology has a number of elements
to enhance the stability of the tariffs, which is an important aspect of facilitating competition in
the generation and supply of electricity. This appendix seeks to highlight those elements.

Each node of the transmission network is assigned to a zone, these zones are themselves
fixed. The result of this is to dampen fluctuations that would otherwise be observed at a given
node caused by changes in generation, demand, and network parameters. The criteria used
to establish generation zones are part of the methodology and are described in Paragraph
14.15.42.

In addition to fixing zones, other key parameters within the methodology are also fixed for the
duration of the price control period or annual changes restricted in some way. Specifically:

o the expansion constant, which reflects the annuitised value of capital investment
required to transport TMW over 1km by a 400kV over-head line, changes annually
according to TOPI. The other elements used to derive the expansion constant are only
reviewed at the beginning of a price control period to ensure that it remains cost-
reflective. This review will consider those components outlined in Paragraph 14.15.59
to Paragraph 14.15.69.

¢ the expansion factors, which are set on the same basis of the expansion constant and
used to reflect the relative investment costs in each TO region of circuits at different
transmission voltages and types, are fixed for the duration price control. These factors
are reviewed at the beginning of a price control period and will take account of the
same factors considered in the review of the expansion constant.

¢ the locational security factor, which reflects the transmission security provided under
the NETS Security and Quality of Supply Standard, is fixed for the duration of the price
control period and reviewed at the beginning of a price control period.

e the Transmission Demand Residual Charging Bands which are used in setting
Transmission Demand Residual Tariffs are fixed for the duration of the Onshore
Transmission Owner price control period and reviewed at the beginning of a price
control period

Predictability of tariffs

The Company revises TNUOS tariffs each year to ensure that these remain cost-reflective and
take into account changes to allowable income under the price control and TOPI. There are a
number of provisions within the ESO Licence and the CUSC designed to promote the
predictability of annually varying charges. Specifically, The Company is required to give the
Authority 150 days notice of its intention to change use of system charges together with a
reasonable assessment of the proposals on those charges; and to give Users 2 months written
notice of any revised charges. The Company typically provides an additional months notice
of revised charges through the publication of “indicative” tariffs. Shorter notice periods are
permitted by the framework but only following consent from the Authority.

These features require formal proposals to change the Transmission Use of System Charging

Methodology to be initiated in October to provide sufficient time for a formal consultation and
the Authority’s veto period before charges are indicated to Users.
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More fundamentally, The Company also provides Users with the tool used by The Company
to calculate tariffs. This allows Users to make their own predictions on how future changes in
the generation and supply sectors will influence tariffs. Along with the price control information,
the data from the Electricity Ten Year Statement (ETYS), and Users own prediction of market
activity, Users are able to make a reasonable estimate of future tariffs and perform sensitivity
analysis.

To supplement this, The Company also prepares an annual information paper that provides
an indication of the future path of the locational element of tariffs over the next five years.’
This analysis is based on data included within the Electricity Ten Year Statement (ETYS).
This report typically includes:

¢ an explanation of the events that have caused tariffs to change;

e sensitivity analysis to indicate how generation and demand tariffs would change as a
result of changes in generation and demand at certain points on the network that are
not included within the SYS;

e an assessment of the compliance with the zoning criteria throughout the five year
period to indicate how generation zones might need to change in the future, with a view
to minimising such changes and giving as much notice of the need, or potential need,
to change generation zones; and

e a complete dataset for the DCLF Transport Model developed for each future year, to
allow Users to undertake their own sensitivity analysis for specific scenarios that they
may wish to model.

The first year of tariffs forecasted in the annual information paper are updated twice throughout
the proceeding Financial Year as the various Transport and Tariff model inputs are received
or amended. These updates are in addition to the Authority 150 days notice and publication
of “indicative” tariffs.

The parameters used in the calculation of generation cap (in paragraph 14.15.5) will be
published along with the forecast and confirmed values in the Tariff Information Paper which
is produced in compliance with Condition 5 (of the NGC’s proposed GB electricity transmission
use of system charging methodology - the Authority’s decisions document March 2005 80/5).

In addition, The Company will, when revising generation charging zones prior to a new price
control period, undertake a zoning consultation that uses data from the latest information
paper. The purpose of this consultation will be to ensure tariff zones are robust to contracted
changes in generation and supply, which could be expected to reduce the need for re-zoning
exercises within a price control period.

The calculation, as undertaken by The Company, of the Charges for Physical Assets
required for Connection when setting TNUoS Charges for a Charging Year

To aid in the transparency and understanding of the setting of TNUoS Tariffs, at the same time
as The Company publishes the draft and final TNUoS Charges for a Charging Year, The
Company shall publish the details and components applied in the above calculation, the
figures attributed to these and the output of the calculations as provided for in the proforma
calculation schedule attached at Schedule 1 to this CUSC Section 14. The output shall be
published in the form as set out in Schedule 1 to this CUSC Section 14.

Guidance on the Calculation of the Charges for Physical Assets required for Connection
when setting TNUoS Charges for a Charging Year

' http://www.nationalgrid.com/uk/Electricity/Charges/gbchargingapprovalconditions/5/
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To aid in the transparency and understanding of the setting of TNUoS Tariffs in each Charging
Year, and in any event no later than the date The Company publishes the draft TNUoS
Charges for the following Charging Year, The Company shall publish guidance on how it will
undertake the calculation to set TNUoS tariffs in compliance with the Limiting Regulation for

that following Charging Year and when assessing compliance following the conclusion of that
Charging Year.
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Section 2 — The Statement of the Balancing Services Use of

System Charging Methodology

14.30 Principles

14.30.1

14.30.2

14.30.3

14.30.4

14.30.5

The ESO Licence allows The Company to derive revenue through the
Balancing Services Use of System (BSUoS) Charges. This statement
explains the methodology used in order to calculate the BSUoS Charges.

The Company keeps the electricity system in balance (energy balancing) and
maintains the quality and security of supply (system balancing). Users pay
for the cost of these through BSUoS Charges.

All Users excluding those Users with valid Declarations, Interconnectors and
Virtual Lead Parties are liable for Balancing Services Use of System charges
based on their Final Demand in each Settlement Day.

BSUoS Charges are calculated on a fixed price basis as described in Section
14.31.

BSUoS Charges comprise the following costs:

(i) The Total Costs of the Balancing Mechanism
(i) Total Balancing Services Contract costs
(iii) Internal Expenditure (as defined in the ESO Licence)

(iv) RAV Returns (as defined in the ESO Licence)

(v) Costs associated with contracting for and developing Balancing
Services

(vi)  Adjustments

(vii)  Costs invoiced to The Company associated with Manifest Errors
and Special Provisions.

(viii)  All costs under Relevant Contracts awarded through the Onshore
Tender Process.
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14.31 Calculation of the Daily Balancing Services Use of System
Charges

Calculation of the Daily Balancing Services Use of System Charges

14.31.1 BSUoS Charges are calculated and levied for each Settlement Day based
on the Fixed BSUoS Price.

14.31.2 The Fixed BSUoS Price will be the same for all Settlement Days within the
same Fixed Price Period, unless a revised Fixed BSUoS Price comes into
effect as outlined in Paragraph 14.31.15.

14.31.3 The Fixed BSUoS Price is calculated using forecast average Total BSUoS
Costs.

Calculation of forecast Total BSUoS Costs

14.31.4 The forecast average Total BSUoS Costs for a Fixed Price Period t
(fBSUoSTOTt) are calculated using the following formula:

fBSUoSTOT; = fBSUoSEXT; + fBSUoSINT; + kb,
Where:

fBSUoSTOT;: = forecast average Total BSUoS Costs associated with BSUoS
for the Fixed Price Period t

fBSUOSEXT; = forecast External BSUoS Costs. The terms which make up
External BSUoS Costs are set out as term EXT:in part E of condition F1 of
the ESO Licence

fBSUOSINT: = forecast Internal BSUoS Costs. The terms which make up
Internal BSUoS Costs are set out as term INT: in Part D
of condition F1 of the ESO Licence.

fBSUOSRTN: = RAV Returns (as defined in the ESO Licence) and is set
out as term RTN: in Part F of condition F1 of the ESO Licence.

kb= the amount included in the Fixed BSUoS Price for Fixed Price Period t,
to account for any over or under recovery from previous Fixed Price
Periods. For the first Fixed Price Period (t=0) this amount is zero.

14.31.5 The amount included to account for over or under recovery, described in
Paragraph 14.31.4, is calculated by subtracting the forecast revenue
collected via the Fixed BSUoS Price allocated to Total BSUoS Costs in
Fixed Price Periods prior to Fixed Price Period t, from the latest forecast of
Total BSUoOS Costs, as calculated by applying the latest values to the
formula in Paragraph 14.31.4, for those same Fixed Price Periods prior to
Fixed Price Period t. This is inclusive of any revenue collected from Final
Reconciliation (RF) BSUoS Charges, pursuant to Paragraph 14.32.4.

14.31.6 The process described in Paragraph 14.31.5 does not apply to Final
Reconciliation (RF) BSUoS Charges for Settlement Days which occur
before the start of the first Fixed Price Period, on 1st April 2023.

Calculating the Fixed BSUoS Price
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14.31.7 The Fixed BSUoS Price for each Fixed Price Period t is calculated by the
following formula:

fBSUOSTOT,
fTQM; + fSGQM,

FixedBSUoSP, =

Where:

FixedBSUoSP: = the Fixed BSUoS Price for the Fixed Price Period t
fBSUoSTOT: = forecast average Total BSUoS Costs for the Fixed Price
Period t

fTQM; = forecast of the total Transmission Connected Site BM Unit Metered
Volume during the Fixed Price Period t

fSGQM:; = forecast of the total Gross Demand BM Unit Volume during the
Fixed Price Period t

Notice of Fixed BSUoS Price

14.31.8 Users are given a notice period of at least three months of the Fixed BSUoS
Price, for the next Fixed Price Period.

Calculation of BSUoS Charges for BM Units
14.31.9 The Total BSUoS Charges for an individual BM Unit are calculated for each
Settlement Day, denoted by d, based on the BM Unit’s metered volumes for
each Settlement Period, denoted by j, and based on the Fixed BSUoS Price.

14.31.10 Supplier BM Units and Exempt Export BM Units, prefixed by i, have their
Total BSUoS Charges calculated by the following formula:

BSU0STOT,; = FixedBSUoSP, xz SGQM;;
jed

Where:

BSUoSTOTiq = the Total BSUoS Charges for a Supplier or Exempt Export
BM Unit i, on Settlement Day d

FixedBSUoSP4 = the Fixed BSUoS Price on Settlement Day d.

SGQM; = the Gross Demand Supplier or Exempt Export BM Unit Volume for
a Supplier or Exempt Export BM Unit i for Settlement Period j

14.31.11 All Transmission Connected BM Units, prefixed by m, have their Total
BSUoS Charges calculated by the following formula:

BSUoSTOT,,q4 = FixedBSUoSP; xz TQM,;
jed
Where:

BSUoSTOTmd = the Total BSUoS Charges for a Transmission Connected
BM Unit m on Settlement Day d
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FixedBSUoSPd = the Fixed BSUoS Price on Settlement Day d.

TQMmj = the total Transmission Connected Site BM Unit Metered Volume
for a Transmission Connected BM Unit m for Settlement Period |

Calculation of BSUoS Charges for a BSUoS liable customer

14.31.12 The BSUoS Charges for a BSUO0S liable customer ¢ on a Settlement Day d
will be calculated by the following formula:

BSU0STOT,; = Z (BSUOSTOT,; + BSU0STOT )

i,mec

Where:

BSUoSTOT¢q = the Total BSUoS Charges for a BSUoS liable customer c on
Settlement Day d

BSUoSTOTiq = the Total BSUoS Charges for a Supplier or Exempt Export
BM Unit i on Settlement Day d

BSUoSTOTng = the Total BSUoS Charges for a Transmission Connected
BM Unit m on Settlement Day d

Definition of the BSUoS charging base

14.31.13 XBSUOoS liability is based on a User’s Final Demand.

Interconnector BM Units

14.31.14 BM Unit and Trading Units associated with Interconnectors, including those
associated with the Interconnector Error Administrator, are not liable for
BSUoS Charges. BM Units, including Secondary BM Units, which are
associated with Virtual Lead Parties are not liable for BSUoS Charges.

Issuing a revised Fixed BSUoS Price

14.31.15 If before or during a Fixed Price Period, The Company forecasts that it will
neither recover sufficient funds through BSUoS Charges nor will it hold
sufficient funds in the Industry BSUoS Fund and the BSUoS Working
Capital Facility to meet balancing costs during that Fixed Price Period, The
Company has the right to set a revised Fixed BSUoS Price for the entirety of
or remainder of that Fixed Price Period.

14.31.16 In the case that The Company needs to issue a revised Fixed BSUoS Price,
then The Company will use reasonable endeavours to consult on the
revised Fixed BSUoS Price prior to its application. The Company will
provide a minimum notice of five Business Days before the commencement
of a revised Fixed BSUoS Price.

14.31.17 The revised Fixed BSUoS Price, described in Paragraph 14.31.15, is
determined by the following formula:

fBSU0STOT,
fTQMs + fSGQM;

FixedBSUoSPrev, =
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Where:

FixedBSUoSPrevs = The revised Fixed BSUoS Price for the number of
Settlement Days s remaining in the Fixed Price Period

fBSUoSTOTS; = forecast of remaining balancing costs for the number of
Settlement Days s remaining in the Fixed Price Period. The Company would
use reasonable endeavours to consult on this value, pursuant to Paragraph
14.31.16.

fTQM;s = forecast of the total Transmission Connected Site BM Unit Metered
Volume for the number of Settlement Days s remaining in the Fixed Price
Period

fSGQM;s = forecast of the total Gross Demand BM Unit Volume for the
number of Settlement Days s remaining in the Fixed Price Period

14.31.18 Pursuant to Paragraph 14.3 1.17, the revised Fixed BSUoS Price only
covers costs for the remainder of the fixed Price Period. The BSUoS
Working Capital Facility would be built back up in subsequent Fixed Price
Periods, via the Fixed BSUoS Prices calculated for those Fixed Price
Periods.

14.32 Settlement of BSU0S

Settlement and Reconciliation of BSUoS Charges

14.32.1 There are two stages of the reconciliation of BSUoS Charges described
below:

¢ Initial Settlement (SF)
e Final Reconciliation (RF)

Initial Settlement of BSUoS

14.32.2 The Company will calculate initial settlement (SF) BSUoS Charges in
accordance with the methodology set out in section 14.31 above, using the
latest available data, including data from the Initial Settlement Run and the
Initial Volume Allocation Run.

Reconciliation of BSUoS Charges

14.32.3 Final Reconciliation will result in the calculation of a reconciled charge for
each Settlement Day in the Financial Year. The Company will calculate Final
Reconciliation (RF) BSUoS Charges (with the inclusion of interest as defined
in the CUSC) in accordance with the methodology set out in section 14.31
above, using the latest available data, including data from the Final
Reconciliation Settlement Run and the Final Reconciliation Volume Allocation
Run.

14.32.4 Pursuant to Paragraph 14.31.5, any revenue collected or paid out by The

Company as part of Final Reconciliation (RF) BSUoS Charges during a
Fixed Price Period t will be considered as part of the revenue associated
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with that Fixed Price Period t, for the purposes of calculating the over or
under recovery factor for subsequent Fixed Price Periods.

Unavailability of Data

14.32.5

Disputes

14.32.6

If any of the elements required to calculate the BSUoS Charges in respect of
any Settlement Day have not been notified to The Company in time for it to
do the calculations then The Company will use data for the corresponding
Settlement Day in the previous week. If no such values for the previous week
are available to The Company then The Company will substitute such
variables as it shall, at its reasonable discretion, think fit and calculate
Balancing Services Use of System Charges on the basis of these values.
When the actual data becomes available a reconciliation run will be
undertaken.

If The Company or any customer identifies any error which would affect the
total Balancing Services Use of System Charges on a Settlement Day then
The Company will recalculate the charges following resolution of the error.
Revised invoices and/or credit notes will be issued for the change in charges,
plus interest as set out in the CUSC. The charge recalculation and issuing of
revised invoices and/or credit notes will not take place for any day where the
total change in the Balancing Services Use of System Charges are less than
£2000.

Relationship between the Statement of the Use of System Charging Methodology and
the ESO Licence

14.32.7

14.32.8

BSUoS Charges are made on a daily basis and as such this Statement sets
out the details of the calculation of such charges on a daily basis. Customers
may, when verifying Balancing Services Use of System Charges refer to the
ESO Licence which sets out the maximum allowed revenue that The
Company may recover .

The Company has, where possible and appropriate, attempted to ensure that
acronyms allocated to variables within the Balancing Services charging
software, and associated reporting, match with the acronyms given to those
variables used within this statement.
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14.32.9 Balancing Services Use of System Acronym Definitions
For the avoidance of doubt “as defined in the BSC” relates to the
Balancing and Settlement Code as published from time to time.
EXPRESSION ACRONYM Unit | Definition
Balancing Mechanism | BM Unit or . .
Unit BMU As defined in the BSC
The total costs associated with the
provision of System Restoration (as
defined in the Grid Code), including
procuring, testing, warming, utilisation,
System Restoration SRC £ capital contributions and payments for the
Costs d cost of feasibility studies. This item also
includes the costs of any validated claims
made for costs of supporting the Electricity
System Restoration Standard at Users’
sites, in accordance with CMP398.
External Balancing External System Operator (SO) Balancing
Services Use of BSUOSEXTjq £ Services Use of System Costs applicable to
System Costs Settlement Period j for Settlement Day d
Internal Balancing Internal System Operator (SO) Balancing
Services Use of BSUOSINT4 £ Services Use of System Costs applicable to
System Costs Settlement Period j for Settlement Day d
Balancing Services M Tariff for the Balancing Services Use of
9 . BSUoStariff; System Charge applicable to Settlement
Use of System tariff Wh L
Period j
Total Balancing . .
Services Use of BSUoSTOT e Total Balancing Services Use of System
Charges
System Costs
BSUoS Working BWCF £ | As defined in Section 11
Capital Facility
. . : £/M | The Fixed BSUoS Price for the Fixed Price
Fixed BSUoS Price FixedBSUoSPy Wh | Period t, as defined in Section 11
The revised Fixed BSUoS Price which
Revised Fixed BSUoS | FixedBSUoSPr | £/M | applies for a number of Settlement Days s
Price eVs Wh | within a Fixed Price Period, as described in
Paragraph 14.31.15
The factor included in the Fixed BSUoS
Price for Fixed Price Period t, to account for
Over/under recovery kb £ ; .
factor t any over or undgr recovery from previous
Fixed Price Periods. For the first Fixed
Price Period (t=0) this factor is zero.
BM Unit Metered Qm; MWh | As defined in the BSC
Volume
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Imbalance Volume

EXPRESSION ACRONYM Unit | Definition
The Import data as at the Transmission
System Boundary by Settlement Period for
. Supplier BM Units in respect to gross Final
g{;isnilc/zgh?rﬁ;nand SGQM MWh | Demand volume (exclusive of all export
volumes and import volumes from BM Units
or Single Sites with a valid Declaration),
multiplied by the applicable TLM
Supplier BM Unit As defined in the BSC
Transmission Loss TLM, As defined in the BSC
Multiplier
Transmission The BM Unit Metered Volume for Final
Connected Final Tam MWh Demand with a Bilateral Agreement with
Demand BM Unit The Company, exclusive of export
Metered Volume volumes, which is multiplied by the TLM
Transmission System As defined in the Balancing and Settlement
Boundary Code
Total Svstem Ener. As defined in the Balancing and Settlement
y 9y TQEJ; MWh | Code in force immediately prior to 1 April

2001

Final Reconciliation
Settlement Run

As defined in the BSC

Final Reconciliation
Volume Allocation Run

As defined in the BSC

Initial Settlement Run

As defined in the BSC

Initial Volume
Allocation Run

As defined in the BSC

Lead Party

As defined in the BSC
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CUSC Section 14 Schedule 1

Calculation of charges that fall within the Connection Exclusion
EU Regulation 838/2010

Schedule 1

The proforma of the form and content to be published for the purposes of the calculation in

accordance with Paragraph 14.29.

Transmission

Asset

Project | Transmission | PARC/Non | Annual Local | TEC | Tariff
Name Asset name PARC Charge for
company
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